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Mexican CEL Ruling Roils Market

by Carlos Campuzano and Alejandro Aguirre, in Mexico City, and Raquel Bierzwinsky, in New York

More than 20 requests for injunctions have been filed by generators, industry associations
and other interested parties in Mexico to challenge a government ruling that modifies who
is entitled to receive clean energy certificates or “CELs” for generating renewable energy.

CELs were created as part of the 2014 energy reforms to give electricity generators an
incentive to use clean energy sources to produce electricity. For each megawatt hour of clean
energy generated, a generator is entitled to one CEL.

Suppliers of electricity to retail customers, including CFE Basic Supply — a subsidiary of
CFE, the national utility — are legally required to supply a certain percentage of their
electricity from clean energy sources. They comply by buying CELs.

The annual requirement for 2018 was 5%. For 2019, 2020, 2021 and 2022, it increases to
5.8%, 7.4%, 10.9% and 13.9%, respectively.

The administration and verification of CELs is managed by the Energy Regulatory
Commission via an electronic system that records the CELs acquired or generated by each
registered participant, their transfer to other participants, and the final cancellation upon
use to comply with statutory obligations.

By statute, only generators producing energy from clean energy sources whose power
plants started operations after August 11, 2014 are entitled to receive CELs.

However, the Ministry of Energy issued in late October a ruling that entitles all clean energy
power plants owned by CFE to receive CELs for the energy produced, / continued page 2

ATAX EQUITY PARTNERSHIP between a regulated utility and a tax equity
investor received a partial blessing from the IRS.

Utilities are looking for ways to finance renewable energy projects
in the tax equity market without turning the projects into “public
utility property.”

Investment tax credits and accelerated depreciation cannot be claimed
on “public utility property” unless the state utility commission refrains from
forcing the utility to pass through these tax benefits to ratepayers more
rapidly than under a “normalization” method of accounting.

Tax equity investors would rather not deal with such complications.

/ continued page 3
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Mexican CELs

continued from page 1

regardless of whether the power plants commenced operation
before or after August 11, 2014.

The ruling was a gift to CFE. It will increase the supply of CELs,
thereby reducing the market price for CELs.

Fissures
The ruling is concerning and deeply flawed.

It provides that any CELs granted to post-energy reform and
pre-reform clean energy projects will only be accredited as of
October 29, 2019, the date that the ruling came into effect. The
effect is to void any CELs validly issued — and even paid for —
before that date.

An October ruling has shaken the CEL

market in Mexico.

In response to the requests for injunctions, the Ministry of
Energy amended the ruling to clarify that the October 29 accredi-
tation date change is only relevant to pre-reform projects owned
by CFE.

This change still leaves a ruling in place that violates various
principles of Mexican law. They include a right to legal certainty,
legitimate expectations in investments, and also possibly
antitrust principles.

Several petitioners seeking injunctions were granted injunc
tions from a federal court in late November, provisionally sus-
pending the application of the new ruling.
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As the NewsWire went to press, courts had decided that at
least two petitioners have enough merit to their cases to grant
a “definitive” suspension that will last until final resolution of the
request for a permanent injunction. More “definitive” suspen-
sions are expected in December.

As long as implementation of the ruling remains suspended,
the federal authorities must continue applying the rules for CELs
before the October ruling.

Afinal resolution in the case is expected to take between six
and nine months.

The main concern among renewable energy companies is that
the ruling will flood the market with CELs, which will drive down
their price to close to zero in the short term. This will affect any
projects that sell CELs in the wholesale electricity market or

through private contracts and
that made pricing decisions
based on earlier rules. It also
creates a disincentive to build
new renewable projects. That
will reverse the momentum
Mexico established after the
2014 energy reforms that has led
to lower and more competitive
energy prices.
Experts view the October
ruling as a political move by the
Mexican federal government to
strengthen CFE. It allows pre-
reform power plants owned by
CFE to receive CELs, thereby not
only adding to supply but also
reducing the demand that CFE would otherwise have had for
CELs from other generators. The Mexican government has been
outspoken about the need to strengthen CFE and reduce any
dependency that CFE may have on the private sector.

The CFE head has said that, given the presidential instruction
to CFE to focus on energy generation, the company will promote
clean energy, but “energy sovereignty will have priority” because
the government considers that CFE is subsidizing private
generating companies by buying energy and CELs from them.

The Mexican Business Council warned that the ruling puts
more than USS$9 billion in investments in new renewable energy
projects at risk.



Financing EV Charging
Infrastructure

by Ben Grayson, in New York, and Deanne Barrow, in Washington

Bloomberg New Energy Finance predicts that 57% of passenger
vehicle sales, and more than 30% of the global passenger vehicle
fleet, will be electric by 2040.

More than two million electric vehicles were sold globally in
2018. BNEF predicts that annual passenger electric vehicle sales
will hit 10 million globally in 2025, 28 million in 2030 and 56
million by 2040.

These electric vehicles will need places to charge and will
collectively have an impact on the electric grid.

The promise of electric vehicle dominance is calling attention
to ownership business models and strategies for financing
charging infrastructure.

Utilities, oil and gas companies, automakers and charge-point
operators are all active in this space. A number of oil and gas
companies and auto manufacturers have recently acquired EV
charging infrastructure developers and charge-point operators
or formed joint ventures with them. Traditional project finance
banks, infrastructure investors, private equity firms and others
are showing interest in providing financing and investing in this
new asset class.

The electric vehicle sector is nascent, but there is a consensus
among industry executives and analysts that a tipping point is
approaching where mass adoption will become unavoidable
because of falling battery costs, pressure from regulators and
government subsidies.

Charging Infrastructure

At the end of 2018, there were approximately 630,000 public
charging points installed globally and 61,000 in the US. To
achieve scale, developers and financiers need a common under-

standing of the development process and where the pressure
points might be.

The first step in development of EV charging infrastructure is
securing land and permits.

Because of the public or semi-public nature of where chargers
are sited, sorting through easement and other real estate issues
may be burdensome. Developers sometimes approach their
utilities with several sites in mind to get one or a few sites
approved, ultimately because of / continued page 4
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continued from page 3

permitting and real estate hurdles. Utilities often charge assess-
ment fees on a site-by-site basis.

If the charging infrastructure is far away from the nearest
electric distribution line, then new or additional lines will need
to be installed, and this could require securing rights of way and
easements to cross property owned by others. This process is
similar to the land rights acquisition process that wind and solar
project developers face when siting new interconnecting power
lines— called “gen-tie lines"— for generation projects. A large
number of easements can complicate financing the project later
because lenders will often require estoppel certificates from each
easement provider confirming that there are no defaults under
the easement before they fund the loan.

Batteries may need to be sited near electric

vehicle chargers to mitigate high demand charges.

Step two for a developer is to arrange for interconnection to
the grid and adequate electric service from the local utility or
community choice aggregator to support planned vehicle charg-
ing activities.

Costs will vary depending on whether the site already has a
grid connection or a new connection needs to be established.
Depending on the size and number of chargers sited in one loca-
tion, the charging station’s load has the potential to be equivalent
to a small building. Equipping the site with adequate electric
service to serve the new load could entail costly upgrades to
distribution-level infrastructure such as distribution wires, con-
duits, substations and transformers, as well as involve trenching
through dense urban areas.
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Because the infrastructure upgrades will end up serving
several businesses or homes, utilities are often mandated by
state regulators to cover a portion of the capital cost. Often the
utility will require the developer to pay the full costs of the capital
outlay upfront and be refunded a portion later through a credit
on the developer’s electricity bill after the EV chargers become
operational. The developer should consider engaging counsel to
assist with utility negotiations and with documenting the terms
and conditions relating to cost allocation and refunds.

There are predictions that installed EV charging capacity
can grow to 250% of peak demand. According to BNEF, EVs will
add 6.8% to total global energy consumption in 2040 and 11%
in the US.

Step three for the developer is to install the charging
station itself.

Charging infrastructure includes the charging unit and the
make-ready equipment, meaning
the electrical, wiring and mount-
ing equipment that exists
outside of the charger. Costs will
vary based on voltage. Most
chargers in retail or public spaces
are level 2 (1.5 to 19.2 kilo-
watts) or DC fast chargers
(fastest type of charging, cur-
rently delivering between 50 to
350 kilowatts of DC power).

Level 2 charging can take any-
where from 30 minutes to three
hours. Because level 2 charging
takes longer, the charger cannot
accommodate as large a volume
of customers per day as DC fast charging.

In terms of cost, deployment of one 75-kilowatt DC fast
charger could range between $100,000 and $150,000. These
figures are split relatively evenly between the charger itself and
the make-ready equipment. Deploying one Level 2 charger costs
between $2,000 and $10,000.

Public subsidies and rebates may be available to offset the
costs of eligible charging equipment. Eligibility may be condi-
tioned on using equipment from pre-approved vendors, so
developers should pay attention to the terms and conditions of
the rebates and incentive programs to make sure they qualify.

Throughout the development process, the EV charging station



owner will often work with the local utility in determining a rate
design. There are two transactions occurring if the charging
station owner is not generating its own power: one between the
utility and the charger for the supply of power and another
between the charger and the end-use EV customer. Utilities have
been willing to engage with the EV charging infrastructure
community as they view EVs as a new area for load growth and
one that could potentially provide ancillary grid benefits. Special
EV rates are being designed to encourage off-peak charging and
help grid stability.

Demand-charge management is consistently highlighted as a
major challenge for EV charging station owners. Demand charges
are utility fees charged to commercial and industrial customers
based on the highest amount of power drawn during a defined
time interval within a billing period.

Demand charges are not tied to the total volume of customers
that visit a charging station or to the total amount of electricity
consumed by an EV charger. This means that demand charges
could be fataltoan EV charging station owner’s economics if the
owner does not earn enough revenue from charging services.
Siting battery storage alongside chargers is one way to mitigate
high demand charges.

Financing
The scale and timeline over which EV charging stations will be

installed is not clear.

At a recent EV charging infrastructure conference in New York,
many attendees recognized that there needs to be a large roll-out
of EV charging infrastructure soon in order to mitigate the effects
of climate change since the transportation sector accounts fora
significant share of greenhouse gas emissions.

Some developers are currently using debt to finance their
charging stations. However, it is not clear whether this is
corporate-level debt or debt at the level of a special-purpose
entity that owns the charging units.

Developers like project financing because lenders look only to
the future earnings and assets of the project as the source of
funds for repayment and security for the loan, with limited or no
recourse to owners of the project.

Project financing for charging station development may be
possible if developers can prove the revenue stream and cus-
tomer volume are relatively predictable.

Lessons can be learned from toll road and telecommunications
infrastructure projects, which have been successfully project
financed despite the same inherent use  /continued page 6
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continued from page 5

and volumerrisk that EV charging infrastructure faces. Banks and
other financiers require some minimum level of capital expen-
diture in order to justify a foray into the space. It is not clear
whether individual developers are at a point where they can scale
development and reach an amount of capital costs to match the
level of expenditures that at least the large commercial banks
would want to see.

One way to increase capital costs is for developers to site
renewables and battery storage alongside EV chargers. Not only
could this open a door to more creative financing, but it could
also help charging operators manage their own power prices and
mitigate the demand-charge concerns described earlier.

Automakers have become partners in joint ventures to develop
EV charging stations. They may be willing to finance charging
infrastructure on balance sheet in an effort to promote EV sales.

However, there is no consensus yet among automakers about
whether EVs will have a positive impact on their business models;
some have pledged to phase out the manufacturing of vehicles
with internal combustion engines in the coming decade while
others have recently joined the federal government in litigating
against California, which is attempting to maintain its federal
waiver that allows it to set its own auto emission standards. How
automakers engage with the electric vehicle charging sector
could have dramatic impacts on EV charging infrastructure
financing given how deep their pockets run.

Depot Model
One model that could lend itself to project financing is the
“depot model.”

Large corporates with fleets of vehicles (for example, Federal
Express) tend to have dedicated parking lots where their fleets
park when the vehicles are not in use. These lots could be quality
areas to site EV charging stations for four reasons.

First, there is a high degree of certainty in terms of offtake
volume since the number of vehicles parked is relatively stable
on a day-to-day basis. These chargers can be separately metered
and data can be easily collected.

Second, there could be predictable charging times if routes
are standardized, which can provide comfort to utilities in terms
of rate design and how a developer prices its charging services
to offtakers.

Third, the creditworthiness of the offtaker will be known.
Instead of relying on individual EV drivers at retail or public
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charging locations as customers, EV charging owners can rely
on a single known entity supported by strong financial data.
Merchant risk is an issue that financiers are already familiar
with in project financing of energy projects, and so the miti-
gants to merchant risk in the depot model could help with
project financing.

Fourth, the lots are usually on private property, which can help
in navigating real estate and permitting issues, and these lots
may have space available to make co-siting of renewables and
battery storage feasible.

Free Service Model
Among developers, the Volta Charging business model is unique
because of its free service offerings.

Volta sites its chargers at retail locations, offering free charging
to EV customers and free maintenance for its site hosts. Typically,
charge point owner revenue streams are based on the sale of
electricity from the charger to the EV customer, either on a $/kW
or $/minute basis. Volta’s revenue comes solely from advertising
that runs along the physical charging asset. A digital platform
allows for the advertisements to be changed frequently and
remotely, helping Volta attract multiple advertisers and
streamline its operations.

Volta targets premium parking spaces at its locations that are
close in proximity to retail locations. These premium spaces
justify the costs charged to Volta’s advertisers. The idea is that
the EV customers, along with all other retail customers passing
by the chargers, are exposed to the advertising.

To date, Volta primarily installs level 2 chargers. This is because
the time profiles of how long EV customers spend at the Volta
charging sites (movie theaters, restaurants, etc.) matches the
length of time level 2 charging typically takes. For example, a full
level 2 charge may take two hours, but an EV customer may not
care if he or she is charging a vehicle while attending a movie.
(For more information on private EV charging business models,
see “Opportunity: Electric Vehicle Charging Infrastructure” in the
August 2018 NewsWire.)

Electric Buses
Another noteworthy sub-sector is electric buses.

Because of the size of EV bus batteries, developers and EV bus
manufacturers are hopeful that there will be a market for vehicle-
to-grid applications, discussed under the next subheading.

In early 2019, Proterra, an EV bus manufacturer, partnered
with Mitsui by entering into a $200 million credit facility to



support Proterra’s battery lease program. By decoupling the
batteries from the sale of the rest of the bus, Proterra can sell
more buses. This is because the upfront cost of the entire bus,
including the battery, which currently has a price tag of about
$750,000, is higher than an internal combustion engine bus,
which runs for roughly $500,000. There are significant
operational cost savings on electric charging versus fueling a
bus with diesel gasoline.

As part of the program, Proterra sells the bus and leases the
battery over a 12-year life. Customers are able to use the
operational savings to pay for the battery lease over time while
also taking financial comfort in making the upfront purchase of
the bus.

Over the life of the lease, Proterra owns and guarantees the
performance of the batteries.

Lithium-ion battery pack prices have fallen significantly over
the past decade, and EVs may soon reach cost parity with vehicles
with internal combustion engines. According to BNEF, battery
prices were just below $1,200 a kilowatt hour in 2010 and have
recently dropped below the $100 a kilowatt hour. Further price
decreases are expected. If battery prices drop enough, then the
need for similar programs may not be warranted.

Municipal transit agencies tend to phase their bus purchases
over relatively long time schedules, and there is a general
consensus that EV bus adoption will happen over time unless
municipalities receive more federal financial support.

The depot model described earlier could be used for municipal
bus fleets.

Vehicle-To-Grid
The average personal vehicle is not used to drive more than 10%
of the day.

EVs charge between 5% and 20% of the day, depending on the
charger’s voltage level. This means that EVs are idle about 70%
of the time.

Companies across the EV value chain are actively exploring

vehicle-to-grid— called V2G — technology to make EV batteries
useful while the vehicles are idle by looking at the EV battery as
a built-in energy storage system.

V2G benefits include ancillary grid services such as voltage
and frequency regulation, spinning reserves, reactive power
support, peak shaving and energy balance, akin to an energy
storage system. These benefits could create new income streams
for energy aggregators, fleet operators and EV drivers. As EVs
and EV chargers proliferate, this / continued page 8
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continued from page 7

intersection of EVs and energy markets could garner
significant attention.

For more discussion about the consequences for the US power
sector of electrification of the transportation sector, see “The
Shift to Electric Vehicles” in the August 2019 NewsWire.

US Offshore Wind:
Current Financing
Conditions

More than 1,300 people attended the annual offshore wind
conference hosted by the American Wind Energy Association
in late October in Boston. A panel talked about the current
market for financing offshore wind projects in the United
States. The following is an edited transcript. At the time of the
panel, the 800-megawatt Vineyard project had been in the
market seeking financing.

The panelists are Nuno Andrade, managing director and head
of structured finance for North America for Santander, Yale
Henderson, managing director and head of the tax equity desk
at JPMorgan Capital Corporation, Martin Pasqualini, managing
director with the CCA Group, one of top arrangers of tax equity,
and Henrik Tordrup, formerly with offshore wind developer
@rsted and now a partner with Copenhagen Infrastructure
Partners, a 50% owner of Vineyard. The moderator is Keith
Martin with Norton Rose Fulbright in Washington.

Debt

MR. MARTIN: Nuno Andrade, you have been in the market this
year trying to raise debt for the Vineyard offshore wind project.
How much interest has there been among banks? Can you say
how many banks are interested in lending?

MR. ANDRADE: We saw a tremendous response from the
market. There is pent-up demand especially from European
lenders who have been lending to such projects in Europe.
The ability to raise debt will not constrain the US offshore
wind sector.

MR. MARTIN: Can you say how many banks are interested in
offshore wind?
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MR. ANDRADE: Judging from the number of the unsolicited
requests we got about Vineyard, more than 50 financing entities
have a real interest in looking at offshore wind in the US.

MR. MARTIN: How much of a risk premium are banks
requiring to lend to US offshore wind projects compared to
projects on land?

MR. ANDRADE: It depends on the structure. Most deals on
which we have been working have tax equity. The debt is back
levered, meaning it is behind the tax equity in the capital stack.
An inter-creditor or forbearance agreement has to be negotiated
between the tax equity and the lenders. If the terms of this
agreement are favorable to the lenders, then we would expect
only a 25 basis-point premium to lend to an offshore wind project
compared to a project on land.

MR.HENDERSON: Just to be clear, the inter-creditor discussion
is about how much of a priority claim the tax equity will have
over the cash flow from the projects. The discussions can become
very nuanced depending on the transaction structure.

MR. MARTIN: Naturally the tax equity is willing to let the
lenders take as much as much they want for scheduled principal
and interest payments? [Laughter]

MR. HENDERSON: No. However, we are creative and
open-minded.

MR. ANDRADE: These are bespoke agreements. The rating
agencies focus on the terms. It is important to start the inter-
creditor discussions early in the process.

MR. MARTIN: Besides a slight interest-rate premium, what
other differences are there in debt terms between offshore and
onshore wind projects? Let’s start with tenor. How long are banks
willing to lend?

MR. ANDRADE: The answer is different in Europe than in
the US.

MR. MARTIN: Let’s focus on the US.

MR. HENDERSON: It is a completely different dynamic, given
the nature of the incentive being monetized by the tax equity
and how much the tax equity represents as a percentage of the
capital stack in an offshore wind deal compared to an onshore
PTC deal.

MR. MARTIN: What will be the typical capital stack for offshore
wind? What percent tax equity? What percent debt? What
percent true equity?

MR. HENDERSON: | can only speak to the tax equity. It is
definitely less than 30% of the capital stack.

MR. MARTIN: Sub-30% assuming what size tax credit? 80% of
the full rate? 60%? 40%?



MR. HENDERSON: The most any of the new projects coming
to market has been able to qualify for is 80%, and the percentages
decline from there.

MR. MARTIN: So the tax equity is less than 30% of the capital
stack in an offshore wind deal qualifying for tax credits at 80%
of the full rate. Henrik Tordrup, what percent debt?

MR.TORDRUP: In round numbers, I think it will be 20% sponsor
equity, 30% tax equity and 50% debt.

More than 50 banks are

interested in financing US

offshore wind projects.

MR. MARTIN: Nuno Andrade, | did not get an answer from you
on the debt tenor.

MR. ANDRADE: In Europe, longer tenors are being done for
this type of asset, while a seven-year mini-perm structure has
been more typical of bank debt in the US market. There is a
balancing act between cost and tenor. The refinancing risk is
the key consideration that sponsors have in terms of the tenor.
Even during the financial crisis in the US, the project finance
market remained open, which is different from what people
saw in Europe, so there is still a bit of back and forth about
optimum tenor.

MR. MARTIN: I think I heard seven years from you for the US.
Is that right?

MR. ANDRADE: That is the typical tenor today for onshore
wind. The question is whether something can be structured in
the middle between a seven-year deal in the US and the longer
tenors for offshore wind that we have seen in Europe.

MR. MARTIN: Is the debt-service-coverage ratio relevant for
back-levered debt?

MR. ANDRADE: Absolutely.

MR. MARTIN: What DSCR do you expect to see for US
offshore wind? / continued page 10
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continued from page 9

MR. ANDRADE: | don’t think there will be a big difference
between offshore and onshore in terms of the debt-service-
coverage ratio.

MR. MARTIN: What is the debt-service-coverage ratio currently
for US onshore wind?

MR. ANDRADE: It is 1.0 for the P99 output and between 1.35
and 1.40 for the P50 output. What is interesting about offshore
wind is that the wind tends to be more stable. In terms of net
capacity and variability, the resource tends to be better. This is
something that has to be taken into account when talking about
sizing parameters.

Tax equity is expected to account for less

than 30% of the capital stack.

MR. MARTIN: We established already that the typical offshore
capital stack is expected to be 20% sponsor equity, 50% debt and
30% tax equity. Will lenders allow subordinated debt to count as
sponsor equity for this purpose?

MR. ANDRADE: One thing that | learned in this country is that,
with good lawyers, anything is possible in a structure. | would
say that the key is how deeply subordinated the debt is. Keep in
mind that a project goes through different stages. There is
construction. There is the period between mechanical completion
and when the project is put into commercial operation. The tax
equity may fund when 90% of the turbines reach commercial
operation, so there is a period where cash flow may be increasing.
Returning to subordinated debt counting as equity, the key is
how deeply subordinated it is. This is worked out in the inter-
creditor agreement.
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MR. MARTIN: The reason | ask is tax considerations push
some European pension funds to put in money as debt rather
than equity.

MR. ANDRADE: To the extent that the sponsors expect a
takeout through project bonds and the debt capital markets,
there is a discussion to be had with the rating agencies. They
focus on the degree of subordination. The bank market is familiar
with structures where deeply subordinated debt is treated for
all purposes as equity.

MR. MARTIN: Before going to market for Vineyard, did you
consider project bonds or were you focused solely on bank debt?

MR. ANDRADE: We considered all the options.

MR. MARTIN: Yet you settled on bank debt, | think. For
what reason?

MR. ANDRADE: Banks proba-
bly are more flexible during the
construction period. However,
since, in Europe, institutional
investors have shown consider-
able flexibility, what type of
capital is more efficient for this
type of project will remain a
subject of ongoing discussion.

MR. HENDERSON:  Another
consideration beyond what is
most efficient is execution risk
and the speed at which parties
can move. The original timeline
was to sign documents next
week, [ think. That was an ambi-

tious timeline, but could have been done had the US Department
of Interior not thrown projects off the Atlantic coast into limbo
in early August. Bank debt was preferred because it had the
lowest execution risk given the timeline.

MR. MARTIN: What hot buttons are there for lenders looking
at offshore wind?

MR. ANDRADE: Construction risk gets a lot of attention. The
perception is there is more risk to put a big turbine in the middle
of the ocean than to do so on land. Over time, people will better
understand the real risks with this technology. The logistics, the
interface risk, all of that is highly scrutinized, and we have to
spend a lot of time educating the market.

MR. MARTIN: Are there any audience questions about debt
before we move to tax equity? Dennis Meany with Oatfield LLC.

MR. MEANY: Keith asked about the tenor. What about the



amortization periods for long-term contracts?

MR. ANDRADE: One interesting thing about offshore wind is
the power purchase agreements are longer. In the onshore
market, power purchase agreements are getting shorter, and
people are doing sizing all the way to the end of the contract and
even including merchant tails. The ultimate goal in offshore is to
give credit for the contracted cash flows during the full term of
the contract.

MR. MARTIN: Will the debt amortize over the full term? Will
there be mini-perm features?

MR. ANDRADE: | am saying that is the goal. We will see how
the market reacts. It also depends on the type of lenders. Banks
are more prepared to see tails. Institutional investors are more
familiar with giving credit to the full tenor of the PPA, but
sometimes they require higher debt-service-coverage ratios for
different P-values. An analysis must be done about what is more
beneficial for the project sponsor.

MR. MARTIN: Say your name and affiliation and then your
question.

MR. HARTSHORNE: Prescott Hartshorne, National Grid. LIBOR
or SOFR spreads?

MR. MARTIN: What is the LIBOR spread on the debt? You said
it is 25 basis points above where onshore would be. Onshore
construction debt is 75 basis points over LIBOR and term debt is
125 basis points over for contracted cash flow. Does that sound
right?

MR.ANDRADE: There is a big difference between construction
risks for onshore and offshore. A straight comparison to
onshore term debt is difficult because onshore PPAs are getting
hairier and more difficult, but historically, we have seen term
debt spreads on deals with good PPAs of between 150 and 175
basis points.

MR. MARTIN: That’s for contracted revenue?

MR. ANDRADE: Correct.

MR. MARTIN: Presumably these are also the rates that would
apply to front-levered debt at the project level since the banks
are not charging any premium to lend on a back-levered basis.
All debt at this point is back-levered debt.

MR. HENDERSON: Front-levered meaning what?

MR. MARTIN: Meaning that the debt is ahead of the tax equity
in the capital stack.

MR. HENDERSON: From a collateral or from a cash-flow
perspective?

MR. MARTIN: Both.

MR. HENDERSON: We have not seen / continued page 12
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a front-levered deal since maybe 2014. Solar deals with invest-
ment tax credits are sometimes structured so that the debt is
effectively senior to the tax equity on a cash-flow basis, but not
on a collateral basis.

MR. MARTIN: | think you told me that you expect to see a
return to some front leverage in the future. Is that true and, if so,
why?

MR. HENDERSON: | don’t think it will be “front leverage.” It will
be back leverage with some interesting features. An offshore
wind deal with an investment tax credit has a very different risk
profile from an onshore deal with production tax credits, and we
are not looking to get as much cash out of the offshore deal.

If an ITC is claimed, the tax equity investors

do not need as much cash as in a PTC deal.

Tax Equity

MR. MARTIN: If we have time at the end, we will drill down into
the details. Let’s switch to tax equity. Marty Pasqualini, you have
been out in the market trying to raise tax equity for offshore
wind. How many tax equity investors do you think have an
interest in such projects?

MR. PASQUALINI: All of the tax equity investors that do deals
with investment tax credits expressed interest in the Vineyard
project. Some had constraints tied to timing and the longer
construction period required for such projects.

There are two elements to timing. There is the cost of funds
during the long commitment period. And for some smaller
investors whose future tax capacity is not as certain as for a
JPMorgan, Berkshire Hathaway or someone of that nature, asking
them to commit to invest two years from now is difficult. Ask
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them much closer to the commercial operation date when their
money would go in and the response is almost uniformly positive
in terms of level of interest.

MR. MARTIN: How many tax equity investors is that? You
said it is the ones who have an interest in investment tax
credits. And how much capacity is thatin a year? Is it $3 billion,
$2 billion, less, more?

MR. PASQUALINI: Without giving out state secrets, | can tell
you that we had more than two times the amount of tax equity
available to this project than the project needed. And that was
from folks who could commit to invest two years in the future.
The plan was to close on November 1. The fact that we had more
than twice the tax equity on offer than we needed from investors
who would stand that long a commitment period gives you an
idea of the level of interest.

MR. MARTIN: Wind projects
must be under construction by a
deadline to qualify for tax credits.
How are you seeing offshore
wind projects start
construction?

MR. PASQUALINI: You cannot
dig turbine foundations or putin
roads on the site and, given how
long it takes to manufacture off-
shore wind turbines, you have to
get there on physical work by
another means.

MR. MARTIN: These are
expensive projects. It is hard to
incur at least 5% of the cost of a $3+ billion project, so the spon-
sors are left with physical work.

MR. TORDRUP: The other thing worth noting about offshore
wind is the turbines are improving at a very rapid pace. It is not
a good idea to lock yourself into turbines too early in the process
because, by the time you are ready to build, a completely
different turbine may be available: say 12 megawatts instead of
8 1/2 megawatts.

You need to think carefully about how to start physical work
because there are some dynamics that are more complicated
than for onshore wind.

MR. MARTIN: So be careful. You want to do physical work, but
not on things where the technology will change before you finish
construction. Marty Pasqualini, coming back to you: will most
projects claim PTCs or ITCs, and why?



MR. PASQUALINI: The choice is a function of a couple things.
It used to be that the ITC made more sense for projects with high
capital costs per installed megawatt, and PTCs made more sense
for projects with high efficiency factors. ITCs are tied to cost.
PTCs are tied to output.

Offshore wind has high capital costs, so you would think the
ITC would make the most sense, but what we are seeing in real
time is what Henrik just alluded to: the technology is evolving so
quickly that PTC transactions actually can hold up. And there are
reasons why it may be more attractive in a financing context to
go the PTC route, if possible.

MR. MARTIN: But the investor takes operating risks in a PTC
deal. The ITC is entirely up front.

MR. PASQUALINI: True. However, the pool of ready PTC
investors is much deeper.

MR. MARTIN: Why? Yale Henderson, why are PTCs easier to
digest than an ITC?

MR. HENDERSON: The simple answer is the ITC is recognized
entirely in one year. For example, assuming a 12% ITC, that is $360
million on a $3 billion project. That is a lot of tax credits for
someone to absorb on the balance sheet unless the investoris a
large bank.

MR. MARTIN: That would be almost $1 billion of tax credits
— $900 million — for a project on which a 30% investment tax
credit can be claimed.

MR. HENDERSON.. .. if projects were actually qualifying for a
30% credit. Unless the law changes, they would have had to be
under construction in 2016.

You can do a PTC deal, but it means you are probably going to
have to draw a larger number of tax equity investors into the
deal, and you will end up raising less money in relation to the
dollar amount of tax credits. Investors may be willing to write a
larger check in an ITC deal because the amount of PTCs that may
ultimately be available is less certain. Sponsors have to balance
check size against liquidity in the ITC versus PTC tax equity
markets and the potential complications of trying to close a
partnership with a larger number of PTC investors than for an
ITC deal.

MR. MARTIN: Marty Pasqualini, will all of these projects be

financed using partnership flip structures? Why not sale-lease-
backs? They buy more time to complete the project.
PTC deals can only be done using partnership flips. That’s the

only structure the PTC statute permits. But you have a choice of
three structures in an ITC deal. In an ITC partnership flip, the
investor must be a partner before any  /continued page 14
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turbines go into service. In a sale-leaseback, the investor can wait
up to three months after turbines go into service to fund.

MR. PASQUALINI: The problem is we are back into a front-
leverage world, because | can’t imagine a $3.5 billion single-
investor lease transaction, so there will be debt at the lessor level,
and you get all the inter-creditor issues we were discussing earlier.
The change in lease accounting rules — the inability to use
leveraged-lease accounting— has also made sale-leasebacks less
appealing. | think the market is now very comfortable with
partnership structures. If we need, for other reasons, to evolve
to leveraged partnerships, this is a market that has always figured
itout.

MR. MARTIN: Another reason sale-leasebacks do not appeal
is they are longer-term financing. The term generally runs 80%
of the expected life and value of the project. Investors want to
be out of the deal sooner.

MR. HENDERSON: Yes, we don't like the long-term profile of a
typical leveraged lease. We do not like the amount of residual
risk we would have to take.

MR. MARTIN: Marty Pasqualini, offshore wind developers have
been struggling to start construction of projects this year in order
to qualify for federal tax credits at 40% of the full rate before the
tax credits phase out entirely. A 12% investment credit on a
$3.5 billion project requires something like $420 million tax
equity investment.

There is an effort in Congress to allow a 30% investment tax
credit to be claimed on wind projects that are under construction
by the end of 2024 or until there are 3,000 megawatts of offshore
projects in operation, whichever is later. Now you are talking
about a $1 billion investment.

Is there enough capacity to cover the demand for tax equity
for offshore wind if each project requires at least $1 billion in
tax equity?

MR. PASQUALINI: | believe there is. | think that if we had been
looking for the incrementally larger dollar amount for Vineyard,
it would have been available. | can’t speak for every single project
and its particular dynamics, but | think there is depth in the
market for these types of projects, especially with the high-
quality sponsors behind them.

MR. MARTIN: Yale Henderson, JPMorgan is about 25% of the
tax equity market at the moment. How many offshore wind
projects have you been shown to date?

MR. HENDERSON: We are all in on offshore wind. We were
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there ready to go on Vineyard. We are talking to probably every
major sponsor that has a leasehold position off the east coast
about how it is qualifying for tax credits.

MR. MARTIN: How are you thinking about offshore wind? Why
is it so attractive?

MR. HENDERSON: The risks are completely different than the
risks we are running in the onshore wind space. With onshore
wind, everything comes down to the revenue contract or lack
thereof and uncertainty created by that. There is not a lot of
uncertainty in the onshore market around construction: whether
the project will get built, whether the turbines will work and how
much the wind will blow. Those things are well understood in
the onshore market.

With offshore, you have tax-credit-qualification issues, and
you have turbine-risk issues. The turbine manufacturers are
taking a lot of the turbine risk, so we feel pretty comfortable
about it. Most importantly, you have a very good revenue
contract. This gives offshore projects a different risk profile than
onshore wind and solar projects and helps to balance our
portfolio, allowing us to bid aggressively in big dollar amounts.

MR. MARTIN: Many offshore projects rely on physical work to
get started. How comfortable are you with physical-work fact
patterns?

MR. HENDERSON: We are comfortable with Vineyard’s story,
and we expect to be able to work with other developers. We are
talking to them now about what they are trying to put together
and making sure we are comfortable with their plans. We need
ultimately to be comfortable not only with the construction-start
facts, but also with the sponsor. Sponsors take construction-start
risk. We need to be confident the sponsor has a strong enough
balance sheet to cover the risk.

MR. MARTIN: One problem with starting construction
based on physical work is that the developer must prove
continuous construction if the project takes more than four
years to complete. It is hard to do. How do you protect yourself
at the back end of the construction period? | guess you don’t
invest. How does Nuno Andrade protect himself as the
construction lender?

MR. ANDRADE: Whether or not the tax equity funds, the
construction loan converts at the end of construction into a term
loan that will be repaid over time out of project cash flows.

MR. HENDERSON: The lender is not bridging tax equity
during construction.

MR. ANDRADE: ... . in this particular situation.

MR. MARTIN: Another big issue in the offshore wind market



is these projects take time. The politics can change before a
project is completed. How long a forward commitment are you
willing to make as a tax equity investor?

MR. HENDERSON: The political risk is more of an opportunity
cost for the tax equity investor. We will have spent time working
on a project that ultimately has the rug pulled out from under
it. We only fund at the end of construction. If the project does
not satisfy all of the conditions precedent to funding, we will
have lost a lot of time and effort, but we will be paid breakage
costs and commitment fees to cover us for the time and expense
of holding the capital for that two-year period.

MR. MARTIN: So you are prepared to commit two years in
advance to fund the tax equity?

MR. HENDERSON: Yes.

MR. MARTIN: Henrik Tordrup, is that enough time to get from
financial closing to mechanical completion?

MR. TORDRUP: Yes, with a proper plan.

MR. MARTIN: Yale Henderson, | asked Nuno Andrade how
terms are expected to differ in the debt market for onshore
versus offshore projects. What about tax equity?

MR. HENDERSON: The differences are dramatic. The terms and
conditions around pricing, the inter-creditor issues between us
and the back-leverage lender, and the sponsor claim on cash

flows have a completely different dynamic.

MR. MARTIN: You have said that twice now. Give me some
examples. What makes an offshore transaction a completely
different dynamic?

MR. HENDERSON: One example is that if we are doing an ITC
deal, 80% to 85% of our return comes from the ITC and deprecia-
tion. We do not need a large claim on cash. The biggest risk is
around ITC qualification. If the ITC is disallowed, we will be
looking to take all the cash flow. That is probably the biggest
source of tension: our claim on cash for a very small risk, but very
deep hole that happens if the project is found not to qualify for
anITC.

MR. MARTIN: There is currently a 100% depreciation bonus,
meaning the entire cost of the project can be deducted in year
one. The 100% bonus is available for projects that go into service
through 2022. It phases out after that. Is it possible to raise tax
equity on offshore wind projects that do not qualify for
tax credits?

MR. HENDERSON: That goes back to your question to Marty
Pasqualini about the appetite for leveraged-lease transactions.
There is no appetite for leveraged-lease transactions in our insti-
tution at the moment. / continued page 16
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MR. MARTIN: Marty do you agree with that?

MR. PASQUALINI: In the bank market, yes. If an insurance
company wanted to do an 18-year lease of a wind project with
a 20-year offtake contract, | can be optimistic and say we could
probably arrange that.

MR.HENDERSON: The leveraged leasing market has not really
existed for 10 to 15 years. With interest rates where they are
today, it is not worth the time and effort to do such a transaction,
even for a $3.5 billion project.

MR. MARTIN: Marty Pasqualini, if Yale Henderson says tax
equity accounts for about 30% of the capital stack for an 80%
PTCorITC deal, what if the only tax benefit is a 100% depreciation
bonus. What percentage of the capital stack do you think would
be tax equity?

MR. PASQUALINI: In a partnership?

MR. MARTIN: | guess you said it would not be a partnership.
The transaction would be structured as a leveraged lease.

MR. PASQUALINI: So we are fully in the pretend world now. It
would depend on what we can do on the debt side. The debt
probably is going to be a significant component of the structure.

Wind projects off the Atlantic coast are currently

in limbo while the Interior Department studies the

environmental effects.

MR. MARTIN: Any tax equity questions form the audience?
Gary Hecimovich from Deloitte.

MR. HECIMOVICH: Will tax equity investors be willing to invest
in projects that take more than four years to construct if the
developer can provide rigorous documentation proving continu-
ous work? Has any tax equity investor had to cross that
bridge yet?

MR. HENDERSON: We have not crossed that bridge. We know
that question is being asked and we are working through that
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with our tax lawyers and with our management. | am hopeful
that with the right facts and maybe some additional guidance
from the IRS, we will be able to get there, but it will be a tough
bridge to cross.

MR. MARTIN: Question from Tristan Grimbert, CEO of EDF
Renewables.

MR. GRIMBERT: I did not hear a clear answer about what is an
acceptable strategy for starting construction other than incurring
atleast 5% of the project cost and putting the risk on the sponsor.

MR. HENDERSON: | did say that we got comfortable with the
physical work strategy used by the Vineyard project. We are in
discussions with other sponsors about their particular facts and
how they want to approach qualification.

MR. GRIMBERT: I heard what you said. You are putting the risk
back on the sponsor.

MR. HENDERSON: True.

MR. GRIMBERT: If you require a sponsor guarantee, it is not
really a risk with which you are comfortable. The first question
should be whether it is a sponsor- or project-level risk. If you
require a sponsor-level guarantee, you are not really comfortable
with the risk.

MR. HENDERSON: Let me put this very clearly. The risk alloca-
tion isimportant to our analysis of the deal. However, we would
not fund a deal unless we funda-
mentally believe that the qualifi-
cation story works from a tax
perspective and will survive IRS
scrutiny. We would not do a
transaction where we do not
believe in the qualification story
even if we had the US Treasury
back stopping that risk.

Sponsors
MR. MARTIN: Let’s move to the
sponsor side of the equation,
Henrik Tordrup with Copenhagen
Infrastructure Partners, CIP owns offshore wind projects in
Europe. It has also invested in Vineyard here in the United States.
It is a 50% owner of that project. How is the cost of capital for
offshore wind in the US compared to Europe? How much is the
gap, if there is one?
MR. TORDRUP: It is difficult to say exactly what the gap is. |
think there is a gap, but it is not significantly above the interest-
rate differential between the two regions of the world. There are



negative interest rates currently in Europe. There are positive
interest rates in the US. Besides that difference, the capital cost
varies from one project to the next. In terms of perceived riski-
ness of the sector, | think the US has caught up quickly.

MR. MARTIN: There were a number of lessons that people took
away from the two US offshore wind projects that have sought
financing to date: Block Island reached financing and Cape Wind
fell a little short. One of those lessons is that it is important to
move through the process as quickly as possible because the
politics of the project can change in the midst of trying to finance
it. Has this been an issue for Vineyard?

MR. TORDRUP: It is no secret that there is one specific permit
that we did not get according to the timeline that had been put
forward to us, but we are working through it and hopefully will
get the permit soon so that we can move forward on the project.
Apart from that one permit, things have moved expediently.

MR. MARTIN: Another lesson | think from Cape Wind is that
the technology can change if you have to wait a long time to
secure permits and then negotiate financing. It is too hard to go
back and redo the permits. You reopen everything to opponents
who want to challenge the project. Is it any different in Europe?

MR. TORDRUP: In Europe, there is more flexibility in what you
can do. Many projects are put forward by the government, which
has a plan for what it wants to see built. Permitting moves more
objectively and is easier to plan for.

MR. MARTIN: Another lesson from Cape Wind was that a well-

funded opponent — in its case, Bill Koch — can bleed the project

to death by challenging it at every turn. Vineyard is 14 or 15 miles
offshore. Is that far enough to insulate it from the sort of
opposition that Cape Wind faced?

MR. TORDRUP: Our impression is that it has been a completely
different exercise. We have worked diligently with the different
stakeholders. We have had great support for the project both on
Martha’s Vineyard and Cape Cod. That is not what might hold
the project back. We need to make sure the federal government
gets comfortable with how it wants to build offshore wind.
When it gets comfortable, the project will be built at some point
in time in some shape or form.

MR. MARTIN: Yale Henderson said, while we were sitting at
a table in the back waiting for this session to start, that a sig-
nificant number of wind projects have run into issues this year
with the Federal Aviation Administration. Is this an issue poten-
tially for Vineyard?

MR. TORDRUP: That is less of an issue compared to
onshore projects. / continued page 18
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MR. MARTIN: Another thing that came out during Cape Wind
was that US laws and inexperience with offshore wind add to
the cost of projects. For example, the Jones Act and the Cargo
Preference Act were adding as much as 50% to transportation
costs in 2015 when Cape Wind was in the market. In 2015, the
marine construction industry, ports, insurance and financial
markets were all charging risk premiums for offshore wind. How
much of an issue does this remain today?

MR. TORDRUP: It remains an issue. You have to price in the
additional cost as a developer when you bid for a PPA. It makes
projects more expensive and the electricity for the consumer
more expensive.

The real issues with it as well as with the delays in securing
permits are the technology is developing quickly and the four-
year period the federal government allows to finish construction
is too short for offshore wind. You end up in some situations with
sub-optimal solutions. It means you will not always get state-of-
the-art projects in this country.

MR. MARTIN: Another lesson from Cape Wind was that
turbine vendors were unwilling to price turbines on a cost-plus
basis. They insisted on value pricing. Is that still the case? And
what is value pricing?

MR. TORDRUP: You should let the suppliers answer that
question, but the markets are more competitive now than they
were before. Just as for any other product, sellers try to do value-
based pricing, but their ability to do it depends on the amount
of competition.

MR. MARTIN: Value pricing means you do not look in a book
for the price? There is no sticker like on the car in a dealer
showroom?

MR. TORDRUP: | don’t think any business that develops a
product today looks at the price it cost to produce and then adds
a margin. That might be an internal metric, but everyone wants
to sell for the highest price the market will bear.

MR. MARTIN: How much competition are you seeing from
vendors to supply 9.5-megawatt and 12-megawatt turbines?

MR. TORDRUP: The offshore wind market has never been more
competitive from the turbine side than it is now.

MR. MARTIN: When do you lock in the price of the turbines? |
assume you do not want to commit to turbines until you are
about to start construction work in the ocean?
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MR. TORDRUP: We did not want to choose the turbines
upfront because there is value in avoiding an early-rush decision
before you know it is the right decision to make. That is a problem
with the ITC and PTC phasing down in amount. The carried
interest rate cost to incur costs to start construction for tax
purposes is high compared to the value of the tax credits,
especially in cases where there are delays.

MR. MARTIN: Block Island is five six-megawatts turbines. It
has a 48% capacity factor. Vineyard expects to use 9.5-megawatt
turbines. What capacity factor do you expect?

MR. TORDRUP: It is not necessarily going to be different.

MR. MARTIN: You do not think it will be above 50%?

MR. TORDRUP: The turbines are much bigger at Vineyard, so
itis not a relevant comparison.

Lessons to Date
MR. MARTIN: What other lessons have you drawn from your
experience with offshore wind in the United States?

MR. PASQUALINI: I think there are misconceptions about what
happened with Cape Wind. The major change has been in the
size of the sponsors standing behind these projects. You have
sponsors now coming to the table with deep balance sheets and
vast amounts of experience building projects in Europe and
elsewhere. They aren’t looking for equity capital, and they aren’t
learning how to build an offshore wind project on the go. This is
a different game now: from turbine technology, to siting, to
sponsors who have the wherewithal to wait out anyone, no
matter how entrenched the opposition.

MR. TORDRUP: And the cost of wind electricity is now a third
of what it was before. There is not really a premium anymore.

MR. MARTIN: So offshore wind has become a real industry. It
makes the financiers comfortable to see big balance sheets
behind these projects. Yale Henderson, Nuno Andrade, what
other lessons can be drawn from the experience with offshore
wind in the US to date?

MR. ANDRADE: The strength of the sponsors is one reason
why banks are so interested. Financing renewable energy in the
US is hard compared to other places in the world. The incentives
create huge distortions and more risk than is ideal. What banks
like about offshore wind is you have strong sponsors, better
contracts and the ability to create structures from scratch that
are less risky.



MR. HENDERSON: This is the same evolution that we saw
onshore wind, solar and other technologies go through.
Everything is now coming together: the technology, the sponsors
and, hopefully in the near future, the federal permitting process.

MR. ANDRADE: Another thing worth mentioning is risk percep-
tion. There is still a higher risk perception once the projects start
running than is probably justified. That is the biggest lesson that
the banks learned in Europe, and we are starting to see the risk
perception shift here as well.

MR. TORDRUP: US offshore wind — when it is constructed
— will probably have the best credit quality for renewable energy
projects anywhere in the world. The contracts are longer here
than they are in Europe, and when the projects move into the
operating phase, output patterns will not look all
that different.

MR. MARTIN: Project finance is an exercise in risk allocation.
Nothing gets financed until all the risks are identified and each
risk has been assigned to one of the participants. What is the
biggest risk in offshore wind?

MR. TORDRUP: The risk is during development and construc-
tion. Construction on water can be challenging. When the project
is up and running, it is not more risky than onshore wind. To the
contrary, output is likely to be more consistent.

MR. MARTIN: Financiers, what’s the biggest risk in these deals?

MR. ANDRADE: | agree with Henrik that the key really is con-
struction, logistics, interface risk — getting comfortable with
those — and obviously having all the permits ready to go.

MR. HENDERSON: For us, it is all about tax credit qualification

and making sure that story can withstand IRS scrutiny.

MR. MARTIN: Last question: we have one operating wind farm
in the United States — Block Island — five turbines, 30 mega-
watts. What do you think will be the next one and when?

MR. PASQUALINI: | am not going to offend Henrik; it will be
Vineyard.

MR. TORDRUP: How soon is in the hands of the US Department
of Interior, but | think it will be done relatively soon.

IN OTHER NEWS



Emerging Themes in
Build-Own-Transfer
Agreements

by Rick Susalka, in New York

Build-own-transfer agreements — also referred to as BOT or BTA
contracts — are playing a bigger role in the renewable energy
sector as utilities decide they would rather own projects than
enter into long-term contracts to buy the electricity.

In a BOT contract, the developer usually retains the project
and bears most construction-related risks until completion.
The arrangement is an alternative to another common trans-
action in which the utility buys the rights to a project at notice
to proceed with construction and thereafter bears construc-
tion risk.

BOT contracts are signed while the project is still in develop-
ment and address what happens during three distinct phases:
the later stages of development, the construction period and a
post-completion period.

Negotiated BOT contracts tend to fall somewhere on the
continuum between a purchase and sale agreement (PSA), on
the one hand, and an engineering, procurement and construc-
tion (EPC) contract, on the other. The arrangement is PSA-like
in that it is fundamentally an agreement for the sale of a
project — albeit on a deferred basis — by the developer to
the utility. At the same time, the parties usually want rights
and protections that are more typically found in an EPC
arrangement. For example, the utility wants extensive project
approval rights and a broad covenant package, while the
developer wants EPC-like protections, such as cost and sched-
ule relief for changed circumstances.

BOT contracts vary widely, primarily due to the varied sensitivi-
ties and risk tolerances among individual developers and utilities.
Project-specific differences can also require bespoke solutions.
However, there are common themes.

Late Development Phase

BOT contracts usually have an initial, pre-construction phase that
is a time-limited window for the parties to satisfy certain condi-
tions to proceed to the construction phase. If the conditions are
not satisfied within the agreed time, then the transaction may
be terminated by either party.
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Approval of the transaction by the utility’s public service com-
mission is the primary condition that must be satisfied during
this stage. The developer will usually require, as an additional
condition, that the utility has approved key elements of the
project, such as the forms of construction contracts.

Where one of the parties has agreed to bear risks if the trans-
action moves into construction, it may seek relief if those risks
materialize during this initial phase. For example, the utility
typically bears change-in-tax-law risk under BOT arrangements,
and it will usually want a right to terminate if such a change
occurs during the pre-construction phase. The developer will
wants similar relief if a circumstance outside of its control arises
that would render it unable to satisfy milestone conditions
during subsequent phases of the deal.

If the public service commission approves the contract, and
the other conditions to move into construction are satisfied,
before an outside date, then the transaction progresses
into construction.

PSA v. EPC

BOT contracts are a hybrid of a PSA and an EPC contract. This
becomes clear during the second phase. It is useful to lay out the
two ends of the continuum before pointing out how a BOT con-
tract falls in between.

In a simple PSA, a buyer (here, the utility) would agree to buy
a project upon satisfaction by the seller (the developer) of certain
closing conditions, primarily delivery of a completed project by
an outside date. In a PSA, the developer bears the risk of most
adverse developments before the sale, including developments
that would render delivery of the project impossible. If the devel-
oper fails to satisfy the closing conditions, it receives no payment
for its efforts but keeps the project.

In an EPC contract, the contractor (developer) builds the
project at the direction of the owner (utility) to the owner’s
specifications. The developer is entitled to cost and schedule
relief for many adverse developments outside of its control, and
is entitled to periodic payments during construction as long as
the developer fulfills — or is excused from — its obligations
during construction. If the developer breaches the EPC contract,
itis liable for damages that effectively reduce the contract price.
Only in the most extreme cases would it not receive any
payment.

In BOT negotiations, the utility prefers the best of both worlds,
meaning it wants the risk allocation and payment terms of a
buyer under a PSA but the control over construction of an EPC



contract. The developer wants the flexibility and purchase-price
premium of a PSA seller while benefitting from the protections
typically afforded to EPC contractors. The negotiated BOT con-
tract must land somewhere in between.

An example of how this tension plays out is how the BOT
contract deals with schedule delays. In a typical EPC contract,
the contractor must keep the construction on schedule. In a
typical PSA, the seller is not held to any particular milestone
schedule, although it risks losing the sale if it fails to deliver the
completed project by an outside date.

A reasonable middle ground for a BOT contract might be for
the parties to agree to generous cure periods for schedule delays,
but only so long as the project is still expected to be completed
on time. This is a compromise between the developer’s desire for
flexibility to address construction-period issues without losing
the sale, on the one hand, and the utility’s desire for certainty
that the project will be delivered by an outside date, on the other.

Developers should be wary of other EPC-like covenants
requested by utilities.

EPC contracts have covenants requiring the contractor to avoid
doing things that will impose liability on the owner. An example
is polluting the project site. Such covenants are arguably out of
placein a BOT contract, where the developer remains the owner

of the project and project site during construction.

Consideration should be given to the harsh consequences of
breaching an EPC contract versus a BOT contract. In an EPC con-
tract, the contractor is paid as it completes milestones, and the
owner’s remedies for contractor default are linked to the loss of
value or damages suffered by the owner. In a BOT contract, the
developer often earns nothing unless and until the conditions to
transfer are satisfied, and a developer breach could lead to ter-
mination of the contract. In a case of partial performance, an EPC
contractor would generally be permitted to retain the payments
it has received, except as required to compensate the owner for
the loss of value or damages suffered by the owner due to the
contractor’s failure to perform fully. In the same scenario, the
developer under a BOT contract could be left with ownership of
a substantially completed project, but without any arrangements
to sell the project or the electricity it generates.

The risk to the developer might be mitigated by agreeing to
EPC-like covenants in exchange for an extended cure period —
perhaps up to the completion deadline itself — to cure defaults.

However, such a compromise would not address a scenario in
which the developer has substantially performed under the BOT
contract, but finds itself unable to / continued page 22

IN OTHER NEWS



BOT Contracts

continued from page 21

satisfy the closing conditions and thereby consummate the sale.
One way to address this is for the parties to agree to close on the
sale so long as the aggregate economic consequence of the
breaches does not exceed a pre-agreed threshold, but the utility
is permitted to withhold a commensurate portion of the pur-
chase price unless and until the breaches are resolved. Such a
mechanism provides the developer and its lenders greater cer-
tainty that the closing will occur, while reasonably protecting the
interests of the utility via the holdback.

Timing of Transfer
Another area of focus in BOT negotiations is the timing of
transfer.

The simplest structure — which is common in BOT con-
tracts for wind projects — provides that the project is trans-
ferred, and the purchase price is paid in full, only when the
project is satisfactorily completed. This usually happens at
“substantial completion.”

This does not work where the utility wants to claim an invest-
ment tax credit on the project. In that case, the utility must own
the project at “mechanical completion.” The utility pays a portion
of the purchase price then and the rest when the project reaches
substantial completion.

Some BOT contracts transfer the project at the start of con-
struction, with an upfront milestone payment by the utility and
subsequent payments during construction as milestones are
met. These contracts are much closer to the EPC end of the EPC-
to-PSA continuum and raise a set of unique issues that are
beyond the scope of this article.

There are complications with any BOT arrangement that
transfers the project before final consummation of the
project sale.

One complication is that the developer — and, to the extent
the developer finances construction, its lenders — may struggle
with allowing the project to be conveyed before payment of
the full purchase price. Lender concerns might be addressed if
the amount paid at project transfer is enough to discharge the
project debt or if the project is transferred subject to the
lender’s lien.

The unintended consequences of changing ownership while
construction is ongoing present a second complication. The
developer needs the ability to direct subcontractors, handle
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disputes, have access to the site, and so on, to complete its work.
These developer rights can create tension with the utility’s
interest in protecting itself against exposure to third-party claims
after it has acquired the project.

A third complication is: what happens if the sale is not fully
consummated after the project has been transferred? To the
extent a BOT contract contemplates an asset transfer rather than
equity transfer, a simple unwind of the transaction is complicated,
as it is easier to re-transfer equity in a project company than to
transfer back all elements of a project (including the site, permit
rights, project contracts, and so on).

Developer Risks
The conditions to closing — and receiving payment — are
another key area of focus in BOT negotiations.

The developer is eager to avoid a scenario in which it constructs
the project to the utility’s specifications and is unable to close
the sale — and thereby recoup payment for its efforts — due to
a failure to satisfy all conditions. The concern is significant in all
cases, but it is particularly acute if there are limited other uses
for the project: for example, if the project is in a location that
does not have a merchant energy market.

The developer can mitigate this risk by limiting ambiguity and
subjectivity in the closing conditions. One common technique is
to is to agree on baselines against which the satisfaction of
conditions will be measured.

Another mitigant, discussed earlier, is for the parties to agree
that closing can occur even while one or more conditions remain
unsatisfied, so long as the aggregate economic consequence of
the unsatisfied conditions falls below a dollar threshold and the
utility is permitted to hold back a corresponding portion of the
purchase price.

Developers should scour the list of closing conditions to ensure
that they do not shift to the developer risks that it is unwilling
to accept.

Developer Exposure
The developer’s exposure to liability during the various phases
of the transaction is a key area for commercial negotiation.

Both parties want to avoid liability if the project fails to move
to construction.

Once the project is in construction, the developer’s liability for
failure to complete the project on time is heavily negotiated. The
first challenge is arriving at a mutually agreeable evaluation of
the actual harm that will be suffered by the utility if the



transaction is not consummated, given that the harm is mostly
intangible in nature.

The second challenge is reaching agreement on the circum-
stances in which the developer should have to compensate the
utility for that harm.

The developer wants to avoid a scenario in which it has tai-
lored a project to a utility’s specifications, and used its own
equity and potentially also borrowed money to fund construction
of the project, only to run into an issue during construction that
cannot be overcome and, as a result, faces the prospect of not
only losing the BOT contract, but also paying a break fee. The
developer’s concern is particularly acute to the extent the closing
conditions allocate to the developer risks that are beyond the
developer’s control.

BOT contracts with utilities

are hybrids between a purchase

and sale agreement and a

construction contract.

The developer’s liability to pay indemnities after the
project has transferred is also heavily negotiated, with the
developer usually seeking to limit its exposure to a percent-
age of the contract price it received, with that percentage
reducing over time. The utility typically seeks certain exclu-
sions from this cap, including for certain fundamental rep-
resentations. Developers usually agree to limited exceptions,
while still capping their aggregate liability at the purchase
price received. Some developers buy representation and
warranty insurance to protect against post-completion
indemnification liability exposure.

Project Warranties
Another key topic related to the post-completion period is war-
ranty coverage. / continued page 24
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The utility’s right to project warranty coverage is not contro-
versial. The source of the warranty coverage may be, particularly
where the developer has engaged third parties to perform
the work.

The utility will often seek a wrap warranty from the developer,
as well as assignment of any warranties from the developer’s
vendors and construction contractors. A developer who engages
third-party contractors to build the project wants to limit its
warranty obligation to handing over the third-party warranties
it receives, with warranty-related issues thereafter resolved
directly between the utility and third-party providers.

In cases where the developer agrees to provide a wrap war-
ranty, it should be careful to align its warranty with the corre-
sponding third-party warranties it receives, and should ensure
that it retains access to those third-party warranties after sale
of the project.

In cases where the developer’s warranty responsibility is
limited to transferring third-party warranties to the utility, the
developer should ensure that its representations, warranties and
certifications do not create a backdoor to warranty-like exposure.
For example, the developer should ensure that the project’s
satisfaction of construction milestones is certified by the third-
party contractor that did the work and not also certified by
the developer.
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Solar Finance Outlook

A panel of two sponsors, two lenders and one tax equity investor
rolled quickly through a wide range of topics of current interest
at the Solar Power International 2019 convention this fall in Salt
Lake City. The following is an edited transcript.

The panelists are Meghan Schultz, senior vice president for
finance and capital markets for Invenergy, David Shipley, chief
financial officer of sPower, Andy Redinger, managing director and
group head of utility and alternative energy for KeyBanc Capital
Markets, Daniel Siegel, vice president for renewable energy
business with US Bank, and Chris Diaz, co-CEO of Seminole
Financial Services. The moderator is Keith Martin with Norton
Rose Fulbright in Washington.

New Developments
MR. MARTIN: Meghan Schultz, what new developments have
there been this year in how solar projects are financed?

MS. SCHULTZ: Banks are willing to take into account revenue
beyond the term of the power purchase agreement when
deciding how much to lend.

MR. MARTIN: How many years of such revenue?

MS. SCHULTZ: Several.

MR. MARTIN: What does “several” mean?

MS. SCHULTZ: Three to five.

MR. MARTIN: Andy Redinger, new trends?

MR. REDINGER: I'll name a few. Rapid growth in residential
rooftop, PACE financing for C&l projects and deal-contingent
swaps for utility-scale projects.

MR. MARTIN: We will come back to some of that. David
Shipley, new trends?

MR. SHIPLEY: Same as what Meghan said. We do utility-scale
solar, and we have seen both the banks and the institutional
market not so much willing to lend beyond the term of the power
contract, but the banks are doing mini-perm loans that mature
typically in five or seven years, and the amortization period
extends beyond the contract period.

Also, I think we have moved beyond the simple busbar, fixed-
price, unit-contingent contracts. We have some level of merchant
risk. We have capacity payments that may be contracted for a
short period of time. The combination of merchant, capacity and
post-PPA revenues are all being taken into account in debt sizing.
That has been the biggest change because historically the banks
have been at PPA term minus one or two years for the
amortization period.



MR. MARTIN: What amortization period is used?

MR. SHIPLEY: It depends. Meghan touched on it. If you have a
shorter-term contract in a very liquid market, you may be able to
get the lenders to push to five years. An example is a 10-year
contract in PIM where you may be able to get the lenders to take
into account five years of merchant revenue.

If the project is in a not-so-liquid market and it already has a
20-year contract, the banks are not going to push the amortiza-
tion period beyond the contract term to 25 years. It also depends
on whether there are other factors. What is the credit risk? Is
there a capacity market? If you have a super clean deal with a
10-year PPA, getting banks to go to 15 years for amortization is
definitely possible.

MR. MARTIN: What percentage of the revenue needs to
be contracted?

MR. SHIPLEY: We don’t really think of it that way. It is more a
matter of looking at the contract term. If the amortization period
runs beyond the contract term, it will create a balloon payment,
so there is some sensitivity to that.

MR. REDINGER: David is spot on. Financing for renewables
projects seems to be moving in the direction of how banks
have been financing merchant gas-fired power plants. If
KeyBank is going to provide credit to merchant revenue when
sizing debt, we think about the size of the balloon at the end

of the contract term and the remaining useful life of the

project and estimate the number of years it would take to
repay our remaining debt balance.

MR. MARTIN: Himanshu Saxena, CEO of Starwood Energy, said
at the REFF conference in New York in June that it is not unusual
for the equity investor to get back only 30% of its investment by
the end of a 10-year PPA term.

MR. REDINGER: That is good the investor is getting even that.
It depends on the deal, but if the investor is getting its money
back by the end of the contracted period, then the investor is
doing well.

MR. MARTIN: Dan Siegel, new trends?

MR. SIEGEL: Not surprisingly, we are fielding a lot of safe-
harbor questions currently around start of construction. We are
active in all solar markets, but the most recent trend has been in
community solar and in batteries tied to solar projects. In utility-
scale solar, we are seeing more corporate PPAs and hedges.

MR. MARTIN: So it becoming a much more complicated
market. Chris Diaz, new trends?

MR. DIAZ: Dan Siegel stole my thunder, but we focus on
projects that are one megawatt to 40 megawatts in size. We are
seeing a lot of community solar /continued page 26
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transactions. We are seeing a lot more storage as well. Also, it is
not a new trend, but REAP loans from the US Department of
Agriculture are becoming more prevalent.

You were talking earlier about merchants and longer amortiza-
tion periods. USDA REAP loans are usually for $600,000 to $25
million in amount, and they can be made with 25-year amortiza-
tion on a 20-year PPA, and then you have a merchant tail of five
to 10 years after that.

Starting Construction

MR. MARTIN: One of the biggest challenges for solar companies
this year has been how to start construction of as many projects
as possible for tax purposes so that the projects will qualify for
investment tax credits at the full 30% rate. Meghan Schultz, how
are you seeing sponsors start construction?

MS. SCHULTZ: There are obviously two ways to start construc
tion. You can acquire equipment and use the 5% test and you can
do physical work of a significant nature. The physical work can
be onsite at a project or on certain equipment offsite. From what
we hear from different sponsors, companies are using a combina-
tion of those methods. That is similar to what has been done in
the wind industry.

Wind developers were up against the same deadlines starting
in 2016, so there is a well-worn path at this point for starting
construction. It seems like there has been more noise around
solar this year because the pure solar developers may not have
had to go through the process of financing projects where the
construction-start date is important.

MR. MARTIN: Are you stockpiling equipment to qualify under
the 5% test?

MS. SCHULTZ: We are using a combination of strategies. They

Banks are willing to credit three to five years

of revenue after the power contract ends

for sizing loans.
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include buying modules for use in future projects.

MR. MARTIN: Are you also relying on physical work and, if so,
what work?

MS. SCHULTZ: Yes. We are buying transformers for some
projects and doing onsite work at other projects. In order of
preference, if you could start work onsite at all your projects, you
would probably do that because it is the lowest cost approach,
but many projects lack permits to start work on site. Our
approach varies from one project to the next.

MR. MARTIN: In cases where you rely on physical work on site,
how much work do you try to do?

MS. SCHULTZ: There is no dollar requirement. There is no
certain percentage requirement. In the wind industry, an example
in the IRS notices suggested digging 10% of the turbine
foundations was enough. That is what a lot of people did because
you could point to a specific example. So, turning to solar, we are
putting in a similar percentage of inverter piles.

MR. MARTIN: David Shipley, how is sPower starting
construction?

MR. SHIPLEY: Same. The projects fall into two buckets for us.
We have projects that are expected to be delivered in 2020 or
2021 where we expect to reach notice to proceed with
construction on site this year. Those projects will be truly under
construction before year end, although the percentage of work
completed varies by project. For other near-term projects, we
may rely on offsite physical work: something like 20% inverter
skids in conjunction with main power transformers. For 2022 and
2023 projects, we are more focused on the 5% test. We are
acquiring modules and taking physical delivery at the end of this
year or paying for the modules at year end this year and taking
physical delivery early next year.

Our reliance on the 5% test happened somewhat naturally. We
have a significant pipeline of development assets. Last year, we were
very concerned about the tariffs and uncertainty surrounding trade
issues. In order to do some
hedging, we found that doing
three- and four-year purchase
agreements gave us some front-
end pricing benefit, and so we
ended up being a little long on
modules in 2019 and early 2020
which gave us safe-harbor
equipment.



MR. MARTIN: Dan Siegel, how comfortable is US Bank with
relying on physical work?

MR. SIEGEL: Obviously we work closely with our tax counsel.
Most questions we are fielding currently are primarily around
offsite physical work. Typically these are companies that are
thinking long term about how to safe harbor, aren’t necessarily
comfortable with the the cost to write a 5% check on modules,
so they want to figure out a way to have binding contracts with
suppliers on things like transformers or centralized inverters. That
is where we spend a lot of our time. We see many different fact
patterns.

The utility-scale solar developers know what they are doing.
We are more concerned about developers in the non-utility
sectors, like residential and small C&l, where it is harder to find
non-inventory equipment on which to start physical work and
where developers may be less careful. We worry about having
to analyze this retroactively after the fact.

MR. MARTIN: Do you have a rule of thumb for how much work
you want to see done on transformers before year end?

MR. SIEGEL: No. We commonly see radiators being worked on
with transformers. | think the real question is whether the con-
tract to buy the transformer is binding. We spend a lot of time
thinking about whether the contract is cancellable for a minimum
fee. If so, it begins to look like an option rather than a binding
contract to buy a transformer.

Tariffs
MR. MARTIN: Come back to tariffs. Are vendors absorbing the
tariffs?

MS. SCHULTZ: | think it is a negotiation, but it is not an
easy negotiation.

MR. SHIPLEY: Same. The tariffs are affecting not only the cost
of solar modules, but also wind turbines and towers because of
the tariffs on steel and other components. We try to negotiate
protection. | don’t think we are able to get direct tariff protection,
but I think we have addressed this through other provisions in
the documents.

MR. MARTIN: Like what?

MR. SHIPLEY: I'm going to rephrase that. Less contractual and
I think more building really strong relationships with suppliers.
Instead of spreading the wealth among suppliers, we create
partnerships with particular suppliers where, if things do turn,

they will work with you to help cover the costs.
MR. MARTIN: Are export credit agencies helping to reduce the
cost of stockpiled equipment purchased / continued page 28
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from foreign vendors?

MS. SCHULTZ: We have not been using export credit agencies
for this.

MR. SHIPLEY: Same.

Inventory Loans

MR. MARTIN: There was talk earlier in the year about inventory
loans to help developers stockpile equipment. Have you seen any
such loans close? Why are they so hard to close?

MR. SIEGEL: We have seen a couple developers on the smaller
end of the market close on equipment loans. Make sure that you
arein close contact with your CPAs and attorneys to do the right
things, and then document, document, document. Pictures say
a lot especially if they are time stamped. You do not want to get
into a situation where you think you did the right thing, but it
turns out you did not.

MR. DIAZ: We are making such loans, and | think you will see
several of them close in the next 60 days. They are complicated.
They take longer to put together because all of the pieces you
have to think about.

MR. MARTIN: Why are they so complicated?

MR. DIAZ: We have to believe the value in our collateral will
be preserved if we have to foreclose. We want to see some addi-
tional collateral value beyond just the bare equipment being
financed.

MR. MARTIN: How much additional collateral value?

MR. DIAZ: It depends on the situation and the relationship.
Sometimes a little, sometimes a lot. Beyond that, it takes time
to get your arms around managing the equipment, the logistics
of working in the warehouse, transportation, insurance, tracking
serial numbers....

MR. MARTIN: All right, you have persuaded us there is a lot
to cover.

MS. SCHULTZ: As a developer, you want to save this equipment
to use as late as you can. That is in conflict with what the lenders
want. They want as much certainty as possible on day one where
the equipment will be used. The complication is how to bridge
that gap.

MR. MARTIN: Invenergy is pretty well capitalized. Has it been
interested in this sort of financing?

MS. SCHULTZ: Yes, we have. We used such a loan in our wind
business. | think there were only two others that were done. We
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will take a similar approach for solar where | think you probably
have a handful of such loans.

MR. MARTIN: Have you closed on such a loan yet?

MS. SCHULTZ: We don’t normally comment on that.

MR. MARTIN: You said “normally.” [Laughter]

Corporate PPAs and Hedges
MR. MARTIN: Andy Redinger, the market is moving to a corporate
PPA and hedge market. How is it affecting financings?

MR. REDINGER: It puts some pressure on the banks, but
lenders are finding ways to accommodate the shift.

MR. MARTIN: You said famously at a past conference that
banks should be able to get comfortable with less predictable
revenue streams. After all, they finance McDonald’s based on
hamburger sales.

MR. REDINGER: That’s correct. Banks regularly provide loans
to many corporate clients without requiring the product to have
been pre-sold.

MR. MARTIN: So the answer is that the banks are rolling with
this. They are getting less and less contracted revenue, but they
are figuring out how to make it work.

MR. REDINGER: Correct.

MR. MARTIN: Do the financing terms change as you get to
maybe 40% contracted revenue instead of 100%? You have cash
sweeps, shorter tenors?

MR. DIAZ: Yes, all of that depending on the percentage of
contracted revenue. We are trying to be constructive so we will
come up with a structure with bells and whistles. We may size
the loan differently. We may have cash sweeps.

Batteries

MR. MARTIN: Another new trend is developers are installing more
and more batteries. SunPower told us that 25% of its projects at
this point have batteries in them. Dan Siegel, how does adding
a battery affect the financing? You are doing tax equity.

MR. SIEGEL: We have been going through a process of evaluat-
ing storage equipment for some time. Like anything else related
to a solar plant, you want to make sure that you are using tier-one
equipment. We have been watching things like the Arizona Public
Service battery fire, for instance, and trying to learn as much as
we can.

That said, transactions are less about the equipment and more
about the revenue streams. There are different ways to monetize
batteries. We need to understand the different potential revenue



streams and which are reliable enough to take into account in
sizing tax equity and which are still too speculative.

MR. MARTIN: Adding a battery adds to the capital cost of the
project. Does the battery bring in enough additional revenue to
cover the cost?

MR. SIEGEL: It depends on the market. We have been doing
behind-the-meter batteries with our friends at residential solar
companies for some time. The SMART program in Massachusetts
has battery adders that provide an incentive to add batteries.

MR. MARTIN: David Shipley, does it feel like we are at a tipping
point on batteries?

MR. SHIPLEY: It feels like the early days of solar. Our parent
company, AES, has done a lot of storage. At sPower, we have not
financed storage yet. It will be interesting to see where the inde-
pendent engineers and appraisers come out on storage in terms
of degradation, useful life and everything that feeds into the
revenue forecast.

MR. REDINGER: Depending on whether the battery will be
used in a bundled PPA with a fixed capacity payment or some
form of arbitrage where you are shaping production to improve
the pricing, more analysis will be needed into when you are
charging and discharging and what prices you can earn from
doing that.

MR. MARTIN: What percentage of projects are expected to
have batteries this year?

MS.SCHULTZ: | don’t have a number for you. Whether batteries
will be part of our projects going forward depends on receiving
a clear price signal from the market. We have not seen one yet.
We are not planning to build merchant storage. We need some
revenue stream associated with it.

MR. MARTIN: Invenergy has standalone storage facilities.

MS. SCHULTZ: That’s true. We have about 60 megawatts of
operating batteries that we put in place in PJM around five years
ago. That made sense at the time based on the ancillary market
revenue that was available in PJM.

The mechanism in PJM has changed, so we are not considering
any other such projects at this time. However, it is public that we
signed an agreement with Arizona Public Service to build storage
for it more on a build-transfer-type basis.

Tax Equity Terms
MR. MARTIN: Switching gears again, what are current rates for

tax equity? | know tax equity investors are reluctant to say them,

so let me put something out and see if you disagree with this.
For utility-scale solar, we see 6.25% to 6.8% as the flip yield in

partnership flip transactions. For / continued page 30
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inverted leases, which tend to price as dollars per tax credit, rates
are between $1.09 and $1.14. Do those sound right?

MR. SIEGEL: You are in the ballpark. We see some utility-scale
transactions where yields have been a little lower.

MR. MARTIN: In which direction are they moving?

MR. SIEGEL: | can only speak for us. We are holding our pricing
going forward. It is an interesting market because it is driven by
supply and demand.

I think there will be a rush of projects over the next several
years as developers try to beat the cliff on expiration of tax
credits. That suggests there will be more tax equity demand
than supply.

USDA REAP loans can be made with 25-year

amortization on a 20-year power contract.

The effects will not be evenly distributed. Developers who
have relationships with particular tax equity investors should
find the investors are still there for them. There may be chal-
lenges in the C&I market which has always been relatively
inefficient. That is the market that is most likely to be affected
by any scarcity.

MR. SHIPLEY: Tax equity yields turn on supply and demand,
but let’s not lose sight of the fact that power prices are going
down. Project economics are going to be much tighter. Tax equity
investors are motivated to get money out the door, so they are
not arbitrarily setting yield.

As a sponsor, if | can’t make my project work for the cost of
capital on offer, the tax equity investors have to react to that.
They have. | think that’s why we have seen flip yields come down.
The pointisyields are not solely a function of supply and demand,
but other factors also play a role.
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MR. MARTIN: So it is a negotiation at the end of the day.

MR. SHIPLEY: Yes, it’s a negotiation. When | did my first wind
deal, we got the equivalent of LIBOR plus 600 basis points on a
pre-tax basis. That is a really good investment given the risk.

MR. MARTIN: What percentage of the typical capital stack for
utility-scale solar is tax equity today? 35%?

MS. SCHULTZ: Thirty to 40%.

MR. MARTIN: What percentage is back-levered debt?

MR. DIAZ: Forty to 50%

Debt

MR. MARTIN: Andy Redinger, you said at the REFF conference in
June that 75 basis points over LIBOR was down the fairway for
construction debt and you were seeing 125 over LIBOR for term
debt. Still true?

MR. REDINGER: For down-the-
middle-of-the-fairway deals, that
is still unfortunately true. The
frustrating part is that I am typi-
cally back-leveraged, have more
operating risk, longer tenor with
a negotiated standstill and still
have a return that is 200 to 300
basis points lower than tax
equity. That doesn’t make any
sense. | contend that tax equity
needs to get cheaper.

MR. MARTIN: Dan Siegel,
that’s smack talk. [Laughter]

MR. SIEGEL: | can only speak
for us. US Bank is a little unusual. So we will put out about $1.2
billion in tax equity this year. Half of that will be placed ultimately
with syndication partners.

Most of the partners are not financial institutions. They are
retail corporates, tech companies and insurance companies.
When they look where to put their cash, they look not only at tax
equity, but also at stock buybacks or at opening new stores and
doing many other things with their money.

MR. MARTIN: So the yield has to be better than the
alternatives.

MR. SIEGEL: | think our peak was in 2015. There was a ton of
project pull-in from the anticipated expiration of the investment
tax credit that year.

MR. MARTIN: Have any of you seen front-levered debt?

MR. REDINGER: Yes. The debt is effectively front-levered in an



inverted lease. The tax equity investor is the lessee. The debt has
project-level collateral at the lessor level. The lessor owns the
project and is the borrower.

MR. MARTIN: The UK authorities will stop tracking LIBOR at
the end of 2021. How is the market dealing with this?

MR. REDINGER: Just language about when we move to a new
benchmark.

MR. MARTIN: What does the language say?

MR. REDINGER: It says we’ll figure it out.

MR. SHIPLEY: He’s right. There is language to the effect that
we will adapt. It requires a leap of faith. We will probably get into
the institutional market, which is not a LIBOR-based market, to
refinance our bank deals.

MR. MARTIN: Institutional market meaning fixed rate?

MR. SHIPLEY: Yes, with insurance companies and pension funds
as lenders. It is a fixed-rate market tied to treasury yields and
locked in for a term.

Macroeconomic Effects

MR. MARTIN: Europe has $17 trillion in debt with negative inter-
est rates. Trump would like our central bank to follow Europe’s
lead. How would negative interest rates affect the market?

MR. REDINGER: We rely on deposits to provide financing. If we
go to negative interest rates, we are going to lose that deposit
base. It will increase the cost of funding.

MR. MARTIN: Increase the cost, even though people are paying
you to take their money?

MR. REDINGER: | don’t think we will be paid by people to take
their money. The deposit base will disappear.

MR. MARTIN: Where will the money go?

MR. REDINGER: It will not sit in our bank. It will go somewhere
else. | am pretty certain of that.

MR. SHIPLEY: | can’t say that | spend a lot of time thinking
about negative interest rates, but my quick reaction is that it will
help with equity sell downs. If we can offer a stable dividend,
investors will put their money into that rather than a debt
instrument paying a negative return.

The other point of view is that negative rates mean that we
will devalue our currency. A lot of money that has come into the
US has been attracted to the currency. A weakening dollar would
make the US a less attractive place to invest.

MR. MARTIN: The inverted yield curve and the spike in

overnight borrowing rates last week are giving the market jitters.
What will happen to tax equity and debt if the US economy tips
next year into a recession? What / continued page 32
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happens in these markets during a recession?

MR. SHIPLEY: It may have a bigger effect on debt than tax
equity. It was 2008 and 2009 when more investors started think-
ing about getting into tax equity. They were looking for ways to
put their money to work in a market where other investments,
like real estate, were not looking so good.

MR. MARTIN: People held on to cash in 2008 and 2009, so
anyone with cash to offer was in a good position.

MS. SCHULTZ: I think it depends on what causes the recession.
In 2009, you had big financial institutions that still had tax capac-
ity. | don’t know that that would necessarily be the case in the
next recession. Overall, there will probably be less liquidity in the
market, leading to a higher cost of capital.

Debt in an inverted lease is

effectively front levered.

MR. MARTIN: Next question: tax changes are almost certain
no matter who wins the national elections in November 2020.
How is change-in-tax-law risk playing out in deals?

MR. SIEGEL: We went through this recently. Congress rewrote
the corporate tax laws at the end of 2017. There was a lot of brain
damage that went into addressing this risk during 2017 when it
was clear tax changes were possible.

Frankly, most of the language used in 2017 remains in our tax
equity documents.

MR. MARTIN: For how long are you protected?

MR. SIEGEL: That’s a good question. We ask typically for
protection for a session or two of Congress.
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Electricity Basis Risk

MR. MARTIN: One of the big issues currently is electricity basis
risk as the market moves from traditional utility PPAs to virtual
PPAs with corporations and other forms of hedges. How are
sponsors dealing with this risk? How do financiers view it?

MR. SHIPLEY: It is a component of most of our transactions.
Now even the utilities that historically were buying electricity at
the busbar under physical delivery contracts are now moving
toward basis-type contracts where we are settling at the hub.
Corporates are also settling at the hub. It has changed our
company. It used to be easy for us to do solar. | did not really need
to know a lot about the energy markets, just the fixed price as
delivered. The dynamics of our team have changed. We now have
ateam of five or six people who are expert in strategic pricing in
organized markets.

MR. MARTIN: You need a
higher-than-average 1Q in the
pricing department.

MR. SHIPLEY: Definitely. They
are all higher than mine. You
need the team in-house to evalu-
ate the risk. We are a developer
at heart. A lot of times develop-
ers focus on what the tax equity
and debt will accept, but | don’t
care as much about what they
think as about whether it is good
for us. We have to solve for our
equity returns and our risk, so we
need the in-house team to evalu-

ate it. We need also to focus on markets where we are most
comfortable and want to invest our capital. We do our own
internal analysis. The banks may rely to a certain extent on us,
but they will also have their own consultants. | will let Andy
Redinger comment on that.

MR. REDINGER: We rely on consultants, but we are learning
that they have been wrong in many instances. If this pattern
persists, it will change the market. | think people will be watching
carefully for this over the next couple years.

MR. MARTIN: How will it change in the market?

MR. REDINGER: Most likely less leverage, increased pricing and
possibly fewer banks participating in the market.

MS. SCHULTZ: It is important to differentiate. Basis risk is not
the same across all projects. It is important for lenders, investors



and sponsors to evaluate the specific project and its location. All
projects and all consultant reports are not the same. We have a
lot of experience with merchant gas projects. We think that has
put us ahead of the curve in terms of our ability to analyze basis
risk. You have to have a strong understanding of how the par-
ticular market works.

MR. MARTIN: It has been hard to finance projects in the Texas
panhandle because basis risk seems greatest there. Are there any
other areas where financiers are reluctant to invest?

MR. SHIPLEY: What | tried to say earlier, but didn’t get across,
is we are starting to see it everywhere. Basis risk is the differential
between where you are delivering and selling power, and where
you may be settling under a contract. We are starting to see it
creep into our power purchase agreements with utility offtakers
while it has always been present in corporate PPAs.

You hear people say in Texas that PJM is a different market,
and in Texas there are no barriers to entry. PIM is hard as heck.
There are a lot of areas to build projects, but that is not a great
thing. It means you might eventually have a level of congestion
that you see in Texas where it is super easy to get into the market
and build projects.

MR. MARTIN: Are any risk-shifting financial products getting
significant traction in the market: for example, tax insurance,
solar revenue puts, proxy revenue swaps, balance of hedges, deal

contingent hedges, offtaker credit insurance?
MR. REDINGER: We have seen a lot of tax insurance, particu-
larly around safe-harboring strategies. | imagine that it will

remain popular with developers and financing parties. We have
seen the solar revenue put used in a number of transactions. It
makes the parties more confident about the output forecasts
and allows lenders to justify a higher loan amount. Some lenders
have basically sized their debt differently based on the knowl-
edge that the revenue put provides protection against a worst-
case scenario. Then there are some other specialty products. |
know Energetic Insurance has a credit wrap for small C&l port-
folios. We have not transacted on that. | know others have.
MR. SHIPLEY: We have not done a deal with a revenue put,
which is the idea that you could reduce risk on production and
the banks are willing to lend at a lower coverage ratio to get to
a higher advance rate. As for hedges, | hear a lot about proxy
revenue swaps. We are not as big a wind player. | am not sure a
proxy revenue swap has been done yet in the solar market, but
I think that as this market continues to evolve, you will see more
use of structured financial products to address risk.
/ continued page 34
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Deal Volume

MR. MARTIN: This has been a very busy year for new solar con-
struction and financings. Do you think things will remain at this
pace through 2023 when all projects need to be completed to
qualify for a 30%, 26% or 22% investment tax credit?

MR. REDINGER: Yes. We see a big move to distributed solar.
Roughly 80% of C&l installations today are not financeable
because the customer is not investment grade. There are a couple
products to help with this problem.

MR. MARTIN: Meghan Shultz, your company is generating
projects. Do you see this pace continuing through 2023?

MS. SCHULTZ: I do. | think 2021 and 2022 are going to be two
of the biggest years to new solar capacity additions.
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Joint Arrangements to
Develop Renewable
Energy Projects

by Becky Diffen and Josh Rocha, in Austin

There is no cookie-cutter joint venture or joint development
arrangement.

Each party brings different industry expertise, capital and
motivations going into the relationship.

A number of questions should be answered at the outset.
What is the end goal? Why enter into a joint arrangement? What
does each bring to the table? Do the parties plan jointly to
develop a number of projects that one of the parties will own
after development has been completed? Or is the goal for the
parties to own projects jointly with a view to sell later to a third
party? Each joint venture requires a different approach.

Joint Development Agreement
A joint development agreement allocates development
responsibilities and explains how the project costs will be paid.

A common pattern is a developer with the experience to
develop solar or wind projects, but without the means to post
credit support for interconnection requests, safe-harbored
equipment or offtake arrangements, enters into a joint
development agreement with someone with money.

The first issue they face is how much control the money party
should have over development decisions. The money party will
certainly want information and access rights, but should consider
to what extent it needs approval rights over decisions about how
best to develop the project.

Most deals allow the developer to take responsibility for
standard development activities with some level of oversight or
approval from the money party. Standard activities may include
determining the project location and layout, securing real estate
and completing title work, obtaining interconnection studies and
agreements, and securing local permitting and tax abatements.
If both parties have significant development expertise, they may
split the activities between them, or perhaps one party may have
more financing expertise and take the lead on financing for the
project. In scenarios where a utility or other participant in the
power industry without significant renewable energy expertise
is involved, it may take the lead on offtake arrangements,



interconnection and community outreach, leaving the rest for
the developer.

The next step is to focus on how project risks are shared. Risk
generally should flow from responsibility.

The joint development agreement should also address the
standard of care. Development is an inherently uncertain busi-
ness, so the developer cannot guarantee success. A prudent-
industry-practices standard is normally used.

Some collaborations are structured with only a joint develop-
ment agreement between the parties. In these deals, only one
party owns the project at any given time. Many such deals then
contemplate the project will be transferred to the other party
once a milestone is hit.

This type of arrangement is common in situations where a
utility or private equity fund has money and wants to own proj-
ects, but lacks the skills to seed projects. In this situation, the
parties can arrange a framework-type structure whereby the
developer brings a project or portfolio of projects to the table,
the parties participate jointly in development pursuant to the
joint development agreement, and then the utility or private
equity fund ultimately acquires the projects. In this scenario, the
parties should consider attaching the form of purchase and sale
agreement to the joint development agreement. The purchase
and sale agreement will list “conditions precedent” to signing
and closing of the acquisition, as well as standard M&A concepts
such as timing, a milestone payment schedule, representations
and warranties, and indemnities. The parties should also address
any additional services that the developer should continue to
provide after the project has been sold. These are sometimes put
in a separate development services agreement.

A single owner model is simplest. However, in some cases,
both parties need to remain as owners. For example, this may
be required for tax reasons where one party has stockpiled
equipment that can be used as a basis for claiming federal tax
credits on a project and the other has the project. The party
contributing the stockpiled equipment must retain at least a
21% interest in partnership capital or profits. Joint ownership
will be required.

Joint Ownership

If joint ownership is desired, then the parties usually form a
limited liability company to own the project. It may own the
project directly or through another LLC subsidiary. It is generally
best to use a Delaware limited liability company.

/ continued page 36
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The joint venture agreement allocates responsibilities and the
obligation to fund project costs and addresses governance and
how revenues will be shared. In some cases, there may also be a
joint development agreement with more detail about the roles
of the parties during development to avoid cluttering the joint
venture operating agreement with this type of detail.

Governance will be crucial for the long-term health of the
relationship. Some decisions require agreement by both parties.
In many deals, a board of directors is created so that each party
can have more than one individual involved in voting on key
matters. Not all joint ventures are 50-50. In such cases, some
decisions may require a super-majority vote to prevent the
majority owner from making all the decisions.

Joint development agreements should

address at least nine big issues.

At a minimum, a super majority is required for any change
in the rights of the minority owner and for affiliate
transactions between the joint venture and the majority
owner. In some deals, the unaffiliated partner gets to make
decisions on behalf of the joint venture about whether to
enter into a contract with a partner or enforce rights or pursue
remedies under such a contract.

The creation of a new class or category of member, and the
issuance of additional equity interests in the joint venture, may
also require minority protections if such a decision would unfairly
dilute the minority member. The minority should also have a
right to key information such as financial statements.

As the minority owner’s interest gets closer to 50%, the
number of decisions in which it has approval rights should
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increase. A list of “major decisions” that require minority consent
is a focal point of negotiations. The list usually includes the
budget, issuance of capital calls, borrowing, project and
significant asset sales, entering into, amending or terminating
material contracts, and declaring bankruptcy or insolvency.

If whole projects are being contributed by one of the parties
to the joint venture, then a separate contribution agreement may
be needed in order to address project-related representations
and warranties and associated indemnities to be given by the
party contributing the projects.

If the joint venture arrangement will cover multiple projects
to be developed over time, then the joint venture agreement is
more likely to take the form of a framework-type structure where
additional projects may be added as certain predetermined
development criteria are met. The parties should discuss the
process by which one party presents a project for the other’s

review and approval and
whether the economic sharing
ratios remain fixed for all proj-
ects and, if not, how they will
adjust as more projects are
added. Will the money party
contribute cash to match the
contribution of the project, and
how will the project be valued?
Does the money party have the
right to reject the project?

The parties will need to
balance the desire to move
quickly in order to lock up project
opportunities, procure safe-har-

bored equipment or secure an interconnection queue position
against the need to perform thorough due diligence. Once credit
support is posted or significant capital is deployed, it may be
difficult to unwind arrangements if a project turns out to be
untenable.

The joint venture agreement should address how future
capital requirements will be handled. Will the joint venture take
on debt to finance the project? What obligations will the parties
have to contribute cash initially and over time? If one party
defaults on its contribution obligations, will the other party have
the opportunity to dilute the defaulting party’s interests? The
answers to these questions may affect how cash flow is
distributed once the project is in operation.

There are many options for sharing cash.



One approach is a simple fixed ratio based on the value of the
contributions each party made to the joint venture. If one party
then has to fund additional money, it may be entitled to preferred
distributions. The parties will need to agree on how to value
non-cash contributions.

Project Disposition

Itis uncommon for a project to remain jointly owned after it has
been built. The project is usually sold to a third party or to one
of the joint venture partners.

The parties may want flexibility. They may not know exactly
how the end game should look when the joint venture is being
structured. In such cases, they may agree to a right of first refusal
or a right of first offer for one of the parties to buy the other
partner’s interest in the project. A right of first offer may be
preferable, as a right of first refusal can sometimes scare off
other buyers who do not want to spend time negotiating a deal,
only to have the ROFR entity come in at the last minute and
match. If the joint venture plans a portfolio of projects, one
project company could be purchased while the others stay under
the joint venture.

Here again, it is a good idea to attach a form of membership
interest purchase agreement, purchase and sale agreement or
build-own-transfer agreement to the joint venture agreement
as an exhibit. This may be a simple agreement assigning LLC
interests or it may contain representations, warranties and
indemnities. Any conditions precedent to closing should also be
addressed.

When the sale is of a project company by the joint venture to

one of the partners, a comprehensive package of development

representations and warranties may not make sense. If one party
was primarily responsible for development activities, should it
be on the hook for all liabilities from breach of any development-
related representations? A third party buying the project
company will not want to get in the middle of a dispute between
the two joint venture partners. It will want representations and
indemnity from the joint venture. It may want the joint partners
to have joint and several liability, meaning it can go after either
for the full amount owed.

Joint venture partners do not always consider these issues
when the joint venture is formed and instead wait until a sale is
imminent. These types of negotiations between joint venture
partners may slow down the sale process.

/ continued page 38
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Transfers and Competition
Joint venture agreements usually limit the ability of the partners
to transfer their interests.

The restrictions may extend upstream to changes in control.
There may be drag-along rights or tag-along rights. Adrag-along
provision may give a majority partner looking to sell its interest
in the joint venture the right to drag minority partners into the
transaction, thus making it easier to sell the entire joint venture
without consent. A tag-along provision may give one partner the
right to tag along and sell its own interest on the same terms
and conditions as the other partner negotiating a sale.

It is uncommon for a project that is jointly

owned during development to remain jointly

owned after it is built.

These types of provisions work alongside rights of first refusal
and rights of first offer. They provide more ways to exit the
joint venture.

Another issue to address is to what extent the joint venture
relationship should be exclusive within a certain geographic
region or with respect to the development of certain projects.

It may be appropriate to restrict a developer partner from
competing directly with a joint venture project. For example, a
nearby project could cause transmission congestion. A nearby
wind project could impede air flow and reduce output.
Neighboring projects may also compete for offtake arrangements.

Larger developers with an active development pipeline may
find a non-competition provision untenable. On the other hand,
larger developers are less likely to enter into joint ventures
because they lack neither development expertise nor capital.

Defaults and Disputes

The joint venture agreement should address what happens when
something goes wrong.
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In many contracts, when one party materially breaches the
agreement, the other party has the right to terminate. However,
ajoint venture partner cannot be kicked out so easily because it
paid for its ownership interest. Therefore, material defaults
usually lead to voting rights being taken away. The defaulting
partner retains its economic interest in the company, but no
longer has a say in management.

Since a typical joint venture will have multiple agreements
including a contribution agreement, a joint development
agreement and an LLC agreement, the parties should consider
to what extent an event of default under one agreement will
cause a default under other agreements. For example, if a
partner fails to make contributions under the contribution agree-
ment, will this trigger remedies under the LLC agreement?
Perhaps such a breach may lead
to dilution of the defaulting
partner’s interest. Joint ventures
usually only terminate when the
parties are ready to wind up and
dissolve the business.

There should be procedures
for resolving disputes. The
dispute may be inability to agree
on something material to the
business.

Joint venture agreements
usually require senior executives of the partners to try to work
out the disagreement first. The dispute moves up to more senior
management as a first step. How many rounds of executive
negotiations and the timeline for such negotiations should be
considered based on the expected project timelines.

If the parties still remain deadlocked, then one partner may
have a put to force the other to buy it out. Partner A could have
a right to offer to sell A’s interest to partner B for an offer price
and then be required to buy out B’s interest at that price if B does
not buy A’s interest. (This assumes both have equivalent
interests.) Alternatively in the event of deadlock, both partners
could be required to sell their interests to a third party.

Deadlock provisions should create a situation that would
be quick and painful if exercised. If the parties agree to a worst
case scenario that both parties would prefer to avoid, then
they will have an incentive to resolve disputes quickly and
avoid deadlock.



Tracking Accounts
in Hedges

by Christine Brozynski, in New York

Tracking accounts are used in many fixed-volume hedges to
mitigate electricity basis risk.

Basis risk is the risk that the price at which electricity is sold at
the grid node is less than the price at the hub.

Some wind and solar projects without long-term
contracts to sell electricity enter into physical or financial
fixed-volume hedges.

While the hedge settles at the hub, the project is still produc-
ing power that is sold into the grid at the node for the spot price.
The project company uses these merchant revenues to cover
amounts owed under the hedge.

For example, in fixed-volume hedges with physical settlement,
the project company is required to purchase the required hourly
volumes of power at the hub price and then immediately resell
those volumes to the hedge provider at the fixed price. The pur-
chase at the hub is funded by merchant revenues. In fixed-vol-
ume hedges with financial settlement, the merchant revenues
would be used to pay the settlement owed to the hedge provider,
if any, which is typically calculated on a monthly basis.

When the nodal price (meaning the spot price at the project’s
node) is less than the hub price, the merchant revenues might
not be enough to cover the purchase requirement at the hub (in
physical hedges) or the settlement amount owed to the hedge
provider (in financial hedges). This delta between the hub price
and the nodal price is called basis risk.

Atracking account is a way to mitigate basis risk.

Loan Balance
It is essentially a working capital loan provided by the hedge
provider to the project company as part of the hedge.

The amount required to be borrowed or repaid monthly by the
project is determined based on the difference between the
“floating amount,” which is the amount owed by the project

company under the hedge (in both physical and financial hedges,
the sum across all hours of the hub price multiplied by the fixed
volume of power for that hour) and the “realized revenue” (the

merchant revenue earned during the same period).
The realized revenue calculation includes all power sold by the
project, even power in excess of the / continued page 40
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volume of power required under the hedge.

The difference between the floating amount and realized
revenue is called the “mismatch.”

If during any settlement period the realized revenue is less
than the floating amount, then the hedge provider is required to
lend funds to the project in that amount.

If during any settlement period the realized revenue is greater
than the floating amount, then the project company is required
to pay down the loan balance in that amount.

Because the mismatch is calculated based on not only the
difference between the price at the hub and node, but also the
difference between the volume of power required under the
hedge and the volume of power sold into the grid by the project,
the tracking account ends up mitigating volume risk (the risk that
the project produces less power overall than the amount required
under the hedge) and shape risk (the risk that times of high
production at the project do not align with the hours for which
high-volume delivery is required under the hedge) in addition to
basis risk.

However, because sponsors and financing parties tend to
focus more on basis risk issues as opposed to volume risk and
shape risk, the tracking account is thought of primarily as a way
to mitigate basis risk.

The tracking account balance is usually documented as a
negative number with a maximum “limit” that is also a negative
number. For example, the tracking account limit might be nega-
tive $10 million, meaning that the hedge provider will not lend
more than $10 million in the aggregate to the project company.

At the commencement of the hedge term, the tracking
account balance is zero. If during the first settlement period the

Tracking accounts in hedges are a way to

mitigate electricity basis risk.
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mismatch is $100,000, meaning the floating amount exceeded
the realized revenue by $100,000, then the hedge provider lends
that amount to the project company, and the tracking account
balance then becomes negative $100,000. If, in the subsequent
settlement period, the realized revenue exceeds the floating
amount by $25,000, the project company is required to pay down
the outstanding tracking account balance with that excess
amount, resulting in a tracking account balance of negative
$75,000. This simple example does not account for interest,
which typically accrues on the outstanding balance at a pre-
agreed margin over LIBOR. Accrued interest is added to the
tracking account balance monthly.

If, inthe example, the tracking account were to reach the limit
of negative $10 million, then the project company would no
longer be permitted to draw on the tracking account unless the
project company pays down all or part of the tracking account
balance. Furthermore, once the tracking account limit is reached,
all interest on the outstanding balance must be paid currently
going forward on a monthly basis, since there is no room left for
the interest to be added to the outstanding balance. Financing
parties may require cash sweeps once the tracking account
balance reaches a certain level (before reaching the limit), as this
is indicative of a basis risk problem at the project.

The tracking account cap is usually set at zero, meaning the
balance cannot become positive. A positive balance would
indicate a loan was made by the project company to the
hedge provider.

The tracking account typically settles monthly. In a physical
hedge where the hedge provider pays the project company for
power daily, the tracking account settlement is determined
separately from amounts owed for power. In financial hedges,
which usually settle monthly, or in physical hedges for which the
hedge provider pays for power monthly, the tracking account

settlement is often netted out
with the settlement for power.
The tracking accountis only a
temporary solution for basis risk.
Asthe tracking account is a form
of loan, a negative balance must
be repaid at the end of the term
of the hedge. Often the hedge
provider will permit the project
company to repay the balance
either in one lump sum or in a
structured repayment over the



course of two or three years. If the project company opts for a
structured repayment, then the hedge provider will usually
require that credit support remain in place until the tracking
account balance has been repaid in full. A project company that
has granted a lien on the project to the hedge provider as credit
support might have the option to replace this lien with a letter
of credit during the repayment period.

Four Options

Not all hedge providers offer tracking accounts as part of a fixed-
volume hedge. Sponsors that find themselves across the table
from a hedge provider that is unable to offer a tracking account

have four options: provide for member loans in the project’s
capital structure, obtain a working capital facility, “sleeve” the
hedge or go without a tracking account (or any similar facility).

Member loans are a common way for project owners to
provide working capital to projects.

Typically, the owners agree among themselves that some or
all of the owners can make loans to the project company for
working capital needs. The loans typically are unsecured and are
repaid to the extent of available cash, after payment of operating
expenses but before distributions. Common points of negotia-
tion include the interest rate, whether any of the members are
obligated to provide member loans and the cap on aggregate
outstanding member loans. In the context of a tracking account
alternative, at a minimum the cap would need to be sized to
accommodate reasonably anticipated liquidity shortfalls result-
ing from negative basis.

The second option — obtaining a working capital facility —
involves the project company entering into a working capital
facility arrangement with either an affiliate or a third-party
financial institution.

These arrangements are uncommon; the price of such a facility
can be prohibitive. Furthermore, if the working capital facility
provider requires a lien on the project as credit support, then the
sponsor will find itself in the middle of an inter-creditor negotia-
tion among the back-levered lenders, tax equity investor and, if
the hedge provider has a lien, the hedge provider. Another point
to address is the priority of payments between principal and
interest repayments under the working capital facility, on one
hand, and settlement payments and termination payments
owed under the hedge, on the other hand. Such negotiations can
be time-consuming and expensive.

The third option is to “sleeve” the hedge.

This involves two simultaneous / continued page 42
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transactions: first, a different hedge provider that can provide a
tracking account executes a hedge with the project company
and second, this new hedge provider executes a back-to-back
hedge with the original hedge provider that cannot provide the
tracking account, passing through all of the economics except a
premium. This route is more expensive because the amount the
project will receive under the project-facing hedge will be lower
to account for the hedge provider’s premium.

It is rare for all of these elements to come together in a
transaction such that a sleeve would be the best path forward
or even a viable option. First, the project company would usually
already be negotiating with at least two potential hedge provid-
ers concurrently, as it would be difficult to bring in another
hedge provider at the last minute. Second, the potential hedge
provider offering a tracking account would have to be willing
to sleeve the hedge with the potential hedge provider that is
not providing a tracking account. Third, the hedge provider that
is not providing a tracking account would have to offer a high
enough price such that even with the sleeving premium, a
sleeve would be a better economic option for the project than
executing a hedge directly with the hedge provider offering a
tracking account.

The last option — forgoing the tracking account or similar
facility — is usually only viable for sponsors that are building on
balance sheet and do not require debt or tax equity financing.
Financing parties usually prefer that the hedge have a tracking
account because a tracking account offers relief on basis risk
during the term of the financing. A sponsor might consider this
route if the sponsor anticipates positive basis and is comfortable
with contributing equity to the project in the event that basis is
worse than expected.
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Revised Equator
Principles May Make
Projects More Costly
to Finance

by Bob Comer, in Denver

The Equator Principles are perhaps the most widely used private
international financing standards seeking to influence environ-
mental and social “sustainability” in big project development.

Following recent revisions, they have become more probing
and may now apply to more projects than before. The new
version is version 4.

For example, it lowers the funding level necessary to apply
from $100 million in aggregate project financing to $50 million
on an individual lender basis. Thus, if a group of institutions is
lending, each lender making a commitment of at least $50 million
would be expected to make project compliance with the Equator
Principles a condition to funding the loan.

Version 4 — called EP4 — expands the reach in other ways as
well. The prior version of the Equator Principles applied through
host country laws to projects in the Organization for Economic
Co-operation and Development (OECD) list of “designated coun-
tries.” This includes the United States, Canada, Iceland, Chile,
Australia, New Zealand, Japan, Korea, Israel and most of Europe.
However, EP4 creates some new compliance requirements for
projects in these previously, largely unaffected countries.

Background

More than 100 financial institutions from 38 countries that
provide advisory services and project financing subscribe to the
Equator Principles. They are all members of an Equator Principles
Association that exists to “encourage [developers] to address
potential or adverse risks and impacts identified during the
Project Development Lifecycle.”

The financial institutions — called EPFI lenders — have all
pledged their support for the objectives of a series of non-gov-
ernmental organization programs.

These programs include the United Nations (UN) sustainable
development goals, the UN Guiding Principles on Business and
Human Rights, the UN Declaration for the Rights of Indigenous
Peoples, the 2015 Paris climate accord, the recommendations of



a task force on climate-related financial disclosures, the World
Bank Group environmental, health and safety guidelines and the
International Finance Corporation performance standards on
environmental and social sustainability.

The individual financial institutions decide whether there is
project compliance, at times in consultation with outside experts.

Project developers must commit to comply with the host
country law and the EP4 process.

For transparency and accountability purposes, EPFI lenders
must report at least annually on a variety of metrics. New infor-
mation sharing expectations among financial institutions are
included in EP4, as well.

Applicability
EP4 applies “globally and to all industry sectors.”

Itis applied by financial institutions when offering various
types of services for new projects, project expansions
and upgrades.

The types of services include advisory services or loan or other
financing commitments to projects where total project capital
costs are expected to exceed US$10 million. EP4 also comes into
play where project-related corporate loans are being made with
a tenor of at least two years, the lender has made an individual
commitment of at least US$50 million and the borrower has
direct or indirect control over project operation. It also applies to
bridge loans of less than two years in duration.

EP4 also applies to project-related refinancing and acquisition

financing where the underlying project was financed under the
Equator Principles framework, there has been no material change
in project scale or scope, and project completion has not occurred.

Financial institutions classify each project into three categories
“based on the magnitude of potential environmental and social
risks and impacts, including those related to human rights,
climate change, and biodiversity.”

Projects in category A have the most significant potential
adverse environmental and social consequences: the potential
consequences are diverse, irreversible or unprecedented.

Projects in category B have potential limited adverse environ-
mental and social risks that are few in number, generally site-
specific, largely reversible and readily addressed through
mitigation.

Projects in category C have minimal or no adverse environ-
mental and social consequences.

EP4 creates a middle category of higher risk category B projects
that will be treated similarly to category ~ / continued page 44
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A projects and lower risk category B projects that “could be
treated in a lighter regime.”

Basic Requirements

Developers of category A and some category B projects must
prepare an environmental and social impact assessment — called
an ESIA — along with any necessary specialized studies, to the
satisfaction of the EPFI lender. A more focused assessment not
rising to the level of an ESIA may be prepared for category C and
some category B projects.

Project finance and project-related corporate loans for cate-
gory A and some category B projects require that an independent
consultant review how the ESIA or other assessment is prepared.
This includes vetting environmental and social management
systems, environmental and social management plans and
stakeholder engagement documentation to assist the bank or
other lender with its due diligence.

Covenants about compliance must be included in the loan
documentation.

Independent monitoring and reporting are required to assure
compliance after closing on the financing.

Assessments must include human rights impacts based on
the UN Guiding Principles on Business and Human Rights (para-
graphs 17-21).

A climate change risk assessment is required for all category
A projects, some category B projects and all projects with green-
house gas emissions of 100,000 tons of CO2 equivalent annually
from direct emissions within the project boundary and from
indirect emissions associated with off-site production of energy
used by the project. The assessment also must consider climate
transition risks and project alternatives with lower greenhouse
gas emissions.

EP4 also calls for mitigation of residual effects, suggesting the
potential for the bank or other lender to require a “no-impact”
protocol. This could include compensatory mitigation, which
could lead to a protracted negotiation process over the level of
mitigation for both environmental and social issues.
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The assessment must cover compliance with host country laws
that pertain to environmental and social issues. For all category
Aand B projects globally, the bank or other lender must confirm
that the project meets the EP4 principles. This review may require
supporting advice from independent consultants. For projects
in OECD non-designated countries, the assessment must also
comply with IFC performance standards and the World Bank
Group environmental, health and safety guidelines. For projects
in OECD designated countries, there are new, potentially signifi-
cant EP4 process and outcome requirements that now apply. One
example is free, prior and informed consent for indigenous
peoples over project funding authorization. In its review of the
assessment, the EPFl lender may evaluate compliance and deter-
mine there is a justified deviation from the applicable standards
or undertake additional due diligence in addition to host-country
laws to address risks.

Other Obligations

For category A and B projects, EP4 requires the borrower to
maintain an environmental and social management system and
an “effective grievance mechanism.” It also requires the borrower
to demonstrate effective stakeholder engagement in a struc
tured and culturally appropriate manner with affected communi-
ties, workers and other stakeholders.

Projects that affect indigenous peoples are subject to addi-
tional obligations. There must be a process of informed consulta-
tion and participation, compliance with host country law and
host country obligations under international law. Where free,
prior and informed consent to the project is required from the
indigenous peoples, a qualified independent consultant or legal
advisor must usually be retained to evaluate the consultation
and consent processes with the indigenous peoples. In some
cases, the stakeholder or indigenous peoples engagement may
be the responsibility of the host government. In such cases, the
developer must collaborate with the responsible government
throughout the process.

In closing, EP4 contains a disclaimer. It provides that in the case
of “a clear conflict” between host country law and the require-
ments of EP4, “host country [law] shall prevail.”

EP4 is scheduled to take effect in July 2020. Implementation
guidance is anticipated prior thereto.



Environmental Update

The United Nations said in a report in late November that there
is a significant gap between the world’s current combined
pledges to cut greenhouse gas emissions and the reductions that
many scientists agree are required to avert the most disastrous
effects of climate change.

Average global temperatures are currently between 0.8 to 1.2
degrees Celsius above pre-industrial levels, or between 1.4to 2.2
degrees Fahrenheit higher on average.

Global greenhouse gas emissions continue to rise. The UN
report said the global average temperature is projected to rise
3.9 degrees Celsius from pre-industrial levels.

The report warns that such increases would bring “wide-
spread, catastrophic effects,” such as extreme and longer lasting
heat waves, extended drought and wildfire seasons, more fre-
quent intense weather, and sea level rises that will threaten
coastal cities.

The 2016 Paris Agreement on climate change set a goal of
limiting the increase in global temperatures to no more than 2.0
degrees Celsius (3.6 degrees Fahrenheit).

Current country pledges to limit greenhouse gas emissions
would need to triple to meet that goal.

The Paris Agreement is an accord within the United Nations
Framework Convention on Climate Change relating to green-
house gas emissions mitigation, adaptation and the financing of
those efforts.

As of February 2019, 194 countries and the European Union
had signed the agreement, with 186 of those countries and the
EU having ratified it.

Each country signing committed to determine, plan and regu-
larly report on its efforts to limit climate change. The agreement
has no mechanism to force any country to set a specific reduc-
tions target by a specific date, but each target is supposed to go
beyond previously pledged targets.

The UN held its annual climate meeting in Madrid from
December 2 through 13 with a goal of completing detailed rules
to govern international carbon markets. Once those rules are
agreed to, the table would arguably be set for a 2020 meeting
that would focus on getting participants to agree to more strin-
gent emissions reductions targets.

While the four largest greenhouse gas emitters — China, the
United States, the EU and India — have all ratified the agreement,
President Trump announced his intention in June 2017 to with-
draw the United States from the / continued page 46
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agreement. The earliest effective date of a US withdrawal
is November 4, 2020, the day after the next US
presidential election.

The EU disclosed at the Madrid conference that it will prob-
ably miss its target for reducing greenhouse gases by 2030. It
had pledged a 40% reduction, but said it would still achieve a
30% reduction in the next decade compared with 1990 levels.

According to the UN, global emissions must decline by 7.6%
every year between 2020 and 2030 to keep global warming
within safe bounds.

Clean Air Act

The US Environmental Protection Agency has decided not to
reconsider its current approach to when industrial facilities
must calculate and report emissions from potential major
modifications that might lead to higher air emissions. New
Jersey asked EPA to scrap the exemption 10 years ago.

The state argued that the current approach makes it harder
to determine which industrial facilities in the state should be
subject to strict air pollution controls.

In general, the current EPA new source review program
requires industrial facilities to install new pollution controls
each time a company adds new generating capacity or expands
existing operations.

Under current EPA rules, if planned modifications to an
industrial facility are not expected by the owner to hit the
major new source threshold, the owner is only subject to emis-
sions recordkeeping and reporting requirements if there is a
“reasonable possibility” that the predicted emissions from the

Global greenhouse gas emissions must decline
by 7.6% a year between 2020 and 2030 to keep

global warming within safe bounds.
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modification will equal or exceed 50% of significant threshold
levels for any pollutant under the Clean Air Act. EPA adopted
this rule in December 2007.

EPA Administrator Andrew Wheeler said in a letter to the
New Jersey attorney general in November that EPA will not
reconsider the 2007 rule.

New Jersey filed suit over the rule in February 2008 and also
formally petitioned EPA to get rid of it.

New Jersey complained that the rule leaves it to “plant
operators to determine for themselves whether their emis-
sions call for installation of new pollution controls.”

The New Jersey lawsuit has been in limbo in federal court
while waiting for EPA to decide whether it would reconsider
the rule on its own.

Wheeler said in his November letter: “The EPA does not
agree with New Jersey’s assertion that the final rule is proce-
durally defective, and, therefore, the EPA is not required to
convene a proceeding for reconsideration under the Act.”

New Jersey could act on its own. If the state thinks addi-
tional reporting is required, Wheeler said, it has “discretion to
adopt state regulations that would require sources in its
jurisdiction to keep such records in circumstances not
addressed in the 2007 EPA rule.”

The lawsuit may now resume.

PFAS

EPA and federal lawmakers are currently considering separate
efforts to regulate the two most common per- and polyfluo-
roalkyl substances, known as “PFAS.”

PFAS (pronounced PeeFAS) are a group of fluorinated chemi-
cals commonly added to a wide variety of consumer products
to make them non-stick, waterproof and stain-resistant. Such
products include carpets
and upholstery, waterproof
apparel, floor waxes, non-
stick cookware, camping
gear, fast-food wrappers,
cleaners, dental floss and
firefighting foams for
putting out fuel fires.

PFAS have been found in
drinking water in many
areas of the country.



Regulations could require listing the substances as “hazardous
substances” under the Comprehensive Environmental Response,
Compensation and Liability Act, more commonly known as the
Superfund law, and the setting of nationwide drinking water
standards.

The listing of certain PFAS as hazardous substances under the
Superfund law could impose significant cleanup liability for
responsible parties at sites across the country. Even where regula-
tors considered cleanups of other substances to be complete, a
listing could reopen past settlements, requiring responsible
parties to do additional remediation where regulated PFAS are
found, but were not addressed.

Setting of drinking water standards would require water utili-
ties to incur substantial ongoing costs to test and possibly treat
water. Nationwide drinking water standards could force them to
spend billions of dollars to comply with testing and treatment
requirements over just the first five years.

A proposed regulation addressing the two most common
chemicals was sent to the Office of Management and Budget
for review in early December. An EPA press release suggests that,
in addition to perfluorooctanoic acid, or “PFOA”, and perfluorooc-
tane sulfonic acid, “PFOS,” two other chemicals will be also
included for evaluation, but it did not name them.

While this suggests that EPA may follow up its PFAS action
plan to evaluate PFOA and PFOS and may ultimately set drink-
ing water cleanup standards for the substances, the timing
remains uncertain.

The Safe Drinking Water Act requires EPA to select chemicals
from its contaminant candidate list and determine whether to
regulate them via a national primary drinking water regulation,
possibly by setting a maximum contaminant level.

EPA had said it would decide whether to regulate the two most
common PFAS by the end of 2019. Any proposals are now not
expected until sometime in the first half of 2020, with final
action thereafter following public comment.

Several bills circulating in Congress would force EPA to
move faster.

Atissue is whether Congress should require EPA to set drinking

water standards for the two PFAS by a date certain.

When a maximum contaminant level standard is set, all water
systems are required to test for it twice a year. To date, EPA has
only set a drinking water health advisory.

EPA Administrator Wheeler said in late September that EPA is
strongly opposed to Congressional / continued page 48
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efforts to impose federal cleanup standards for any class of chemicals.

Meanwhile, a case before the federal courts could set precedent on whether consideration
of PFAS must be included in the mandatory five-year EPA review of Superfund sites that the
regulators have been treating as fully remediated.

The US Air Force and Michigan regulators are fighting over whether a Superfund five-year
review should address PFAS even though the chemicals were not a subject of the original
cleanup plan. The resolution of the case could set precedent for similar cleanup reviews at
other sites.

The Air Force is required to review how effective the cleanup was at a Superfund site every
five years. However, it argues that it is only required to review the cleanup as it relates to the
contaminants at issue in the original cleanup plan.

— contributed by Andrew Skroback in New York

CHADBOURNE MERGER
Chadbourne & Parke merged into Norton Rose Fulbright on June 30, 2017. The combined
firm has roughly 3,400 lawyers in 55 offices and four affiliated offices in 33 countries.

WANT TO LEARN MORE?

Check out Currents, the world’s first project finance podcast from a legal perspective.
Learn more at www.projectfinance.law/podcasts; subscribe on Apple Podcasts, Spotify,
Google Play or your preferred podcast app.
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